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ABSTRACT 
Hydraulics and Well Control Complications in 
Unconventional Shale Laterals 
Tawfik A. Elshehabi 
 
Unconventional shale resources are drilled horizontally following the geologic bed dip upward or 
downward to maximize reservoir contact. Despite the efforts to control formation pressures, well 
control emergencies arise. Wellbore communication with high pressure zones through natural or 
induced fractures is a major cause of blowouts in unconventional shales. The philosophy of well 
control is to maintain the bottomhole pressure while balancing the formation pressure; however, it is 
a challenging process.  
The objective of this study is to investigate mud hydraulics and well control complications in 
unconventional shale laterals. This included the impact of wellbore configuration (inclined upward or 
downward laterals), drilling fluid type (water or oil based mud), and drillstring configuration (drillpipe, 
casing, or liner). This research employed an interactive drilling and well control full-scale simulator for 
more than 500 hours of real-time operations. It also utilized a robust steady-state hydraulics and 
multiphase dynamic well control program. A hydraulics base model was developed and verified with 
field data from a recently drilled Marcellus Shale well in Monongalia County, WV.  
Static and dynamic pressure profiles were examined at drilling flow rates, and compared to slow pump 
rates in inclined upward and downward laterals. This study compared kicks experienced at shallow, 
middle, and deep zones in the lateral section. It examined the impact of gas solubility in oil based 
muds compared to water based muds. In addition, this research investigated pressure loss profiles 
in tight annular spaces around casing or liner strings. Also included was the impact of various 
circulation rates and well control methods. The study examined influx characteristics such as size, 
intensity, and type (dry gas, rich condensate, and black oil). Furthermore, it examined kick handling 
in different well types and string configurations, for instance drillpipe, casing, or liner. Finally, the study 
investigated the influence of reservoir characteristics on kick behavior in the Marcellus Shale and 
compared it to the Utica Shale.  
Results showed that the hydraulics model successfully predicted the pump pressure with a regression 
coefficient of 0.974. The impact of drilling rate of penetration, mud rheological properties and drilled 
cuttings characteristics on hydraulics was significant. Annular pressure loss, equivalent circulating 
density, and critical flow rate were higher in inclined downward laterals, as a result of lower cutting 
transport ratio and cuttings accumulation. When a gas kick is encountered in oil based mud, it 
dissolves under the bottomhole conditions. While gas-entrained mud is circulated out of the hole, 
wellbore pressure drops below the bubble-point pressure, and gas bubbles are liberated near the 
surface. Consequently, surface pressures and volumes are not representative of the actual downhole 
conditions, and this unexpected volume of gas at the choke challenges well control procedures. 
In tight annulus cases, such as running casing or liner strings, the pressure loss profile is inverted. 
This means, annular pressure loss is higher than the friction inside the string and the friction at the bit 
combined. Therefore, the reduced two-stage step-down (R2SD) model was developed and validated 
taking high annular pressure losses into account. This enabled kick circulation with lower surface and 
downhole pressures which mitigated wellbore integrity and reduced the risk of fracturing the 
formations. In lateral sections, the closer the kick location is to the vertical wellbore, the shorter the 
gas removal times. However, kicks experienced near the vertical section resulted in higher pit gain, 
gas discharge rate, choke, and casing shoe pressure.  
 
 iii 
In inclined upward laterals, gas bubbles migrated and accumulated at the lateral end. Consequently, 
the choke experienced lower pressure, volume, and gas discharge rate for extended periods of time. 
Thus, higher circulation rates and longer operation times were essential to flush-out the dispersed 
and trapped gas bubbles. The deeper and over-pressurized Utica Shale presents more challenges 
compared to Marcellus Shale wells. Well integrity was verified by monitoring surface choke, casing 
shoe, and bottomhole pressures throughout the entire well control operations. 
This research revealed that it is crucial to identify accurate hydraulics and well control complications 
for unconventional shale laterals. Some examples were drilling inclined upward and downward 
laterals using different string and fluid configurations. This improves rig and personnel safety and 
diminishes the environmental risks and hazards associated with blowouts. 
 
 
Keywords: Hydraulics, Well Control, Unconventional Shale, Gas Solubility, Drilling with Casing, 
Inclined Upward Laterals. 
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APL Annulus pressure loss, (psi) 
BHP Bottomhole pressure, psi 
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DR Driller’s method of well control 
DwC Drilling with casing, casing drilling (CD) and casing while drilling (CwD) 
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SICP Shut-in casing pressure, psi 
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C H A P T E R  1 :  I N T R O D U C T I O N  
1.1. Overview 
The world is facing a deficiency in conventional oil and gas resources. 
Consequently, the petroleum industry is moving towards development of 
unconventional reservoirs and the application of unconventional drilling techniques. 
In spite of the efforts to control formation pressures, unexpected well control 
emergencies still arise such as the 2010 Macondo blowout. Horizontal drilling 
technology is largely utilized in unconventional shale gas plays (namely: Barnett, 
Fayetteville, Haynesville, and Marcellus) development. When this technology is 
coupled with multi-stage hydraulic fracturing, it can reach trapped hydrocarbons in 
very low permeability shales (Kaufman et al., 2013). Basically, horizontal wells are 
applicable in fractured reservoirs, thin and low permeability formations, and heavy 
oil reservoirs (Belvalkar and Oyewole, 2010). However, kick and blowout incidents 
are likely to happen during drilling lateral sections when induced fractures are 
encountered (Ridley et al., 2013). In unconventional shale gas reservoirs, formation 
pressure can dramatically increase over short intervals which, if not controlled 
properly could lead to kicks and possibly blowouts. In the Bossier and Haynesville 
formations, a study of 54 kicks resulted in a kick derived pore pressure model that 
was utilized to predict the abnormal pressure spots and reduce drilling risks (Zhang 
and Wieseneck, 2011).  
Shale gas production commenced in 2000 and rose to 7.5 TCF in 2011, that 
is 30% of USA production, and is expected to increase to 50% by 2040 (EIA, 2016). 
Marcellus shale activity has been ongoing since 2003, and more recently 12,000 
wells were drilled by 2011 (Carr et al., 2013). The combined production of Marcellus 
and Utica players located in the states of Ohio, Pennsylvania, and West Virginia is 
about 19 BCF per day (Ozkan and Duman, 2015). Utica shale is challenging due to 
its high reservoir heterogeneity, complex bedding planes, high clay content, high 
pressure and temperature with hydrocarbon fluids ranging between oil, condensate, 
and dry gas (Can et al., 2014).  
 2 
Recently, low gas prices imposed multi-well pads with complex profiles and 
as a result drilling various sections in one bit run with a negative vertical section is 
intensely applied (Livingston et al., 2016). Operators achieved drilling records in 
extended laterals of a mile in a 24-hr period (El Hakam et al., 2014; Maranuk et al., 
2014). Nevertheless, there are drawbacks, for instance, in Marcellus shale between 
2008 and 2010, records show that 2,600 violations have been committed and 80% 
are environment potential threats. Inadequate safety devices and no certified 
Blowout Preventer (BOP) operator represent 10% of violations with the highest 
value in risk-ranking (Olawoyin et al., 2012). In addition, surface impact of drilling 
infrastructure and pads necessitates obligatory federal and state permits for water 
streams in Pennsylvania (Krauss, 2013). Gas bubble migration through unset 
cement jeopardizes well integrity and zonal isolation. However, mechanical damage 
and gas migration through unset cement results in sustained casing pressure which 
needs costly remediation and reduces productivity (McDaniel et al., 2014).  
The wellbore is orientated, toe-up or toe-down (TU/TD) to maximize reservoir 
contact by following the dip of geologic beds. Browning and Jayakumar (2016) 
studied the impact of toe-up or toe-down orientation and lateral total vertical depth 
(TVD) change on 300+ wells in Oklahoma. Toe-up wells present high production 
rates, flat wells present  low production rates, and toe-down laterals present even 
lass production rates. Drilling downward laterals results in a significant production 
loss of 30% of the estimated ultimate recovery at the economic limit (Browning and 
Jayakumar, 2016). Experimental results showed that under stable production 
conditions, toe-up is the best configuration for liquid production (Brito et al., 2016a). 
However, at very slow gas flow rates, liquid slug accumulates at the heel and gas 
accumulates at the toe. Gas pressure built up until overcoming the liquid hydrostatic 
pressure, then the gas blew out and cause production surges. These unstable 
cycles cause significant fluctuations in pressure, liquid holdup and gas and liquid 
flow rates which reduces recoverable reserves (Brito et al., 2016b). Meanwhile, toe-
down laterals present the largest liquid surge challenge with the lowest efficiency in 
production from toe to heel (Brito et al., 2016a). 
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1.2. Well Control Philosophy 
Several conditions can result in a kick, including: insufficient mud weight, 
abnormal pressure zones, improper swabbing, severe loss of circulation, and 
improper hole fill-up during tripping out (Watson et al., 2003). Upon receiving an 
influx, an increase in the mud return flow rate is a direct sign of the kick. A positive 
flow check which means there is a return flow when the pumps are stopped is a solid 
kick indicator. Early kick detection is critical in minimizing the influx volume and to 
subsequently reducing surface and casing shoe pressure during the kill operation 
(Nas, 2011). Once the wellbore goes underbalanced, the formation fluid will start 
kicking. The blowout preventer (BOP) should be immediately closed using soft or 
hard shut-in method. This is to secure the well and to minimize the kick size and 
associated surface and downhole pressures (Jardine et al., 1993).   
The mud displacement in a wellbore can be visualized as a U-tube model. 
Starting with mud pump, the drillpipe and drilling assembly are on one side, and the 
annular sections ending with the variable choke is on the other side of the U-tube. 
The bit is at the mid-point and located at the lowermost section of U-tube 
representing the bottomhole at total depth (TD). The main goal in well control is to 
keep the bottomhole pressure constant during kick circulation in order to prevent 
new kick fluids from entering the wellbore (Grace, 2003). The two commonly used 
methods for kick control are Driller’s and the Wait-and-Weight methods. 
 The advantages of the Driller’s method are the simple calculations and the 
lack of waiting time due to mud preparations. Additionally, it can control swabbed 
gases without the need to increase mud weight (Choe et al., 2005). The drawbacks 
are longer circulation time, and higher pressures in the annulus and at the casing 
shoe with the risk of fracturing the formation. The benefit of the Wait-and-Weight 
method is the lower annulus pressure because the heavy mud reaches the annulus 
before the kick reaches the casing shoe. The disadvantage of the Wait-and-Weight 
method is the waiting time for mud preparation which may result in gas migration in 
water based mud and gas solubility in oil based mud. Furthermore, a step-down 
chart calculation is difficult in deviated wells (Grace, 2003).  
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Without proper well control knowledge and implementation, an uncontrolled 
kick can be financially catastrophic for the company. It can result in rig time and/or 
equipment loss, injury or loss of life for workers, and environmental disaster. This 
creates a negative image of the industry such as the Macondo blowout in the Gulf 
of Mexico (Turley, 2014). The possibility of taking a kick in a horizontal well is higher 
than a vertical well and the specific wellbore geometry affects the well control 
operations. One of the major differences between vertical and horizontal sections in 
a wellbore is the gas migration rates. Furthermore, circulation rates may not be high 
enough to move gas bubbles along the horizontal sections. Studies show that the 
gas slip velocity is highest when the inclination angle is 45°, and it will decrease to 
zero in a horizontal wellbore with a 90° of inclination angle (Watson et. al. 2003).  
In extended reach horizontal wells, the drilled length is greater than the 
vertical depth starting at a build section. Another important aspect of the horizontal 
wellbore is the high equivalent circulating density (ECD) values due to increased 
annulus pressure loss with increase in wellbore length at the same vertical depth. 
Well control simulators are used as a tool for drilling, well control planning, and 
operations. In the well planning phase, the simulator evaluates different designs 
based on specified limits such as kick tolerance. In operations, the simulator 
supports critical decisions when the designed operational parameters change. It can 
also be used to evaluate difficult well control scenarios and improve kick handling 
skills (Ng, 2005).  
 
1.3. Background on Gas Solubility in Oil Based Mud  
Analysis of 225 Marcellus and 238 Haynesville horizontal wells from 2006-
2011 showed that oil based mud (OBM) was applied in 75% of the wells. This high 
use of OBM is attributed to its high drilling performance, shale inhibition, and stability 
at higher pressures and temperatures. Though, strict environmental regulations 
introduced high performance water based muds (WBM) in 36% of Marcellus wells. 
In the Haynesville and Marcellus wells, the main drilling problems are poor hole 
cleaning and lost circulation. The intersection of natural and induced fractures during 
drilling resulted in controllable kicks in the Haynesville Shale (Guo et al., 2012b).  
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Field reports show that the mud density window is between 12 to 15 ppg in 
Marcellus and 15 to 17 ppg in Haynesville (Guo et al., 2012b). Analysis of 203 wells 
in the Eagle Ford Shale drilled between 2008 and 2011, shows 76% of the wells 
were drilled with OBM with a wide range of mud weight from 9 to 16 ppg. In shales, 
OBM performs better than WBM with 20 to 40% less drilling time, while saturated 
salt mud has 30 to 35% less drilling time (Guo et al., 2012a). Synthetic oil based 
mud (SBM) was used over the last decade in offshore drilling as its environmental 
impact is less compared to OBM, but the gas solubility is higher. SBM is an oil-water 
emulsion with 60-70% oil (Monteiro et al., 2010). The main disadvantage of drilling 
with OBM/SBM is the significant degree of gas solubility. Dissolved gas in oil masks 
the surface responses, and kick undetectably migrates. Dangerous volumes of gas 
are released over short periods of time which is a challenge for the drilling crew 
(Lima et al., 1999; Ribeiro et al., 2006). 
 
1.4. Drilling with Casing and/or Liner Background 
Recently, as the oil prices dropped, the oil and gas industry considered the 
application of unconventional drilling techniques. Drilling with casing (DwC) and 
drilling with liner (DwL) technologies have been used to minimize drilling time and 
total costs. In DwC and DwL, surface and downhole equipment are different than 
conventional drilling with drillpipe and drill collars (Salehi et al., 2013). A standard 
oilfield casing/liner attached to a special bottomhole assembly (BHA) is used as a 
drillstring so that a well is simultaneously drilled and cased. The main advantage of 
DwC/DwL technology is eliminating the costs of purchasing, handling, inspecting, 
transporting, and tripping related problems of drillpipe (Aadnoy et al., 2009).  
In small annular clearances where the pipe/hole diameter ratio is high, drilling 
fluid hydraulics and cutting circulation are unconventional. For instance, the smear 
(plastering) effect is the action of drilled cuttings being smeared and compressed 
against the borehole wall creating a low permeable barrier. This solid mud cake 
improves fracture gradient and minimizes formation damage. It also contributes to 
wellbore strengthening and stability and prevents drilling fluid loss to depleted zones 
by sealing micro cracks (van Oort and Razavi, 2014).  
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Although the exact mechanism of the smear effect is not known, pipe size, 
annular clearance, rotary speed, mud type and penetration rate are the parameters 
that affect it (Kiran et al., 2014). Researchers reported that DwC technology showed 
a 10% reduction in cost and 30% savings in time (Lopez and Bonilla, 2010; Sánchez 
et al., 2012). Other investigators showed that lost circulation was significantly 
reduced (Fontenot et al., 2003; Karimi et al., 2011) and stated that fracture gradient 
and wellbore strengthening were improved (Salehi et al., 2013). Examples of 
successful field application of DwC technology were published (Aadnoy et al., 2009; 
Radwan and Karimi, 2011). Different approaches to simulate the smear “plastering” 
effect associated with the success of DwC/DwL technologies has been presented 
by several researchers (Arlanoglu, 2011; Mokhtari et al., 2013; Satkan, 2013; Kiran 
et al., 2014). A recent study investigated well control procedures in horizontal wells 
drilled with casing and proposed a neural network model for real-time application 
(Elshehabi, 2015). 
In contrast, casing/liner dynamic loads (like torque and drag) are high due to 
string weight and large pipe diameter. Lateral vibration of whirl is the most damaging 
vibration mode which cause fatigue failure at the coupling. Furthermore, torsional 
oscillation is relatively common in harder rocks which damages the connections, and 
in the worst case it initiates stick/slip scenario (Aadnoy et al., 2009). Centralization 
of casing during cementing is a major operational concern (Galloway, 2004). As the 
pump starts and flow rate increases the hook-load starts decreasing due to the 
hydraulic lift force acting on the bottom of the casing string which reduces the weight 
on bit. Also, pipe movement during connections might cause severe surge and swab 
if the flow rate is not reduced. In a tight annulus situation, fluid flow characteristics 
and drilling fluid rheological properties influence the friction loss profile, equivalent 






1.5. Problem Statement 
In fact, the philosophy of well control is to keep the bottomhole pressure 
constant by balancing the formation pressure throughout kick removal and heavy 
mud displacement. In conventional vertical well control practices, annular pressure 
loss (APL) is commonly considered negligible at slow pump rates. As a result, while 
the heavy mud density s filling the drillstring, pump pressure is stepped down as a 
straight line from initial to final values. This was considered as a hidden safety factor 
to overbalance the formation pressure. Nevertheless, in horizontal wells, there are 
well control challenges such as the hole deviation, high annular pressure loss, gas 
solubility in oil based mud, and wellbore configuration. In horizontal wells, friction 
loss is a function of the measured depth; however, heavy mud backpressure is a 
function of the true vertical depth. In addition, in tight annulus situations such as in 
drilling with casing or liner, APL is relatively high at slow pump rates and the pressure 
loss profile is inverted. Furthermore, drilling horizontal wells with OBM with gas 
solubility creates additional challenge since surface measurements do not represent 
the downhole conditions. Drilling inclined upward lateral presents an additional 
hydraulics and well control concern. Thus, as a step towards better understanding 
well control, it is crucial to examine pressure profiles and hydraulics at slow pump 
rates. It is also critical to develop and verify a reduced pump pressure step-down 
model that takes high APL into consideration.  
 
1.6. Objectives 
The main objective of this study was to investigate mud hydraulics and well 
control complications in unconventional shale laterals. The specific objectives are: 
1. Build a hydraulics base model and verify it with the actual data from the 
Marcellus lateral drilled in Monongalia County, WV in 2015. 
2. Utilize this hydraulics model to examine static and dynamic pressure profiles 
for drilling at high flow rates and compare it to well control slow pump rates 
and shut-in conditions. 
3. Investigate mud hydraulics and hole cleaning parameters in inclined upward 
laterals and compare them to the parameters in inclined downward laterals. 
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4. Study pressure loss profiles and hydraulics in relatively tight annulus cases 
such as drilling with casing and liner strings. 
5. Investigate the impact of gas solubility in oil based mud on surface and 
downhole measurements and gas influx behavior. 
6. Apply different pump pressure step-down schedules while the heavy mud is 
displacing the drillstring in wells drilled with casing or liner. 
7. Develop and verify a model that takes into consideration the high annular 
pressure loss. 
8. Study well control complications in inclined upward laterals and compare 
them with the complications in inclined downward laterals. 
9. Perform a comparative study and sensitivity analysis for Marcellus and Utica 
Shale laterals including various kick characteristics and operational 
parameters. 
 
1.7. Dissertation Outlines 
The dissertation is organized into four main chapters. It starts with chapter 
one which provides an introduction, background, problem statement, and objectives. 
Chapter two is the literature review and it describes the work by previous authors. 
This includes well control, gas solubility in oil base mud, and drilling with casing/liner 
technology. Chapter three illustrates wellbore configurations, the detailed 
methodology, and the reduced two-stage step-down model derivation. Chapter four 
presents the results and the discussion of hydraulics and well control complications. 
This includes inclined upward and downward laterals, gas solubility in oil based mud, 
and drilling with casing/liner. In addition, it includes well control comparative and 
sensitivity analysis in Marcellus and Utica shale laterals. Chapter four is followed by 




C H A P T E R  2 :  L I T E R A T U R E  R E V I E W  
2.1. Kicks and Blowouts in Unconventional Shale Players 
Kick and blowout incidents are undoubtedly occurred during drilling horizontal 
sections when natural and induced fractures are encountered. In the Haynesville 
shale, a study of 54 kicks showed pore pressure dramatically rise over short intervals 
to a surprisingly elevated geopressure equivalent to 18 ppg which leads to 
dangerous kicks and potential blowouts (Zhang and Wieseneck, 2011). In Texas, in 
unconventional shale, blowouts frequency from 2009 to 2013 was higher than in 
conventional wells. Blowouts in 2013, in unconventional gas wells, were 200% 
higher than in conventional gas wells. In unconventional oil wells, blowouts rate was 
300% higher (Bidiwala and Orr, 2014). Reports claimed that blowouts frequency is 
between 25 - 31 per 10,000 well in shale gas wells. In the Barnett Shale between 
2004 and 2014, blowouts frequency was 1.3 per 10,000 well. While, in the Bakken 
Shale, the frequency varied from 1 to 30 per 10,000 well (Duncan, 2016).  
The Eagle Ford field reports indicate well control non-productive time (NPT) 
is 20% of total well cost with a pore pressure of 14 ppg while underbalanced drilling 
was used with 11 ppg OBM (Ridley et al., 2013). Kicks and loss of circulation through 
induced and micro-fractures challenge drilling operations (Guo et al., 2012a). 
Induced fractures in the Eagle Ford caused by offset shut-in wells undergoing 
hydraulic fracture resulted in well control problems. This is because hydrocarbons 
prefer to flow towards the least resistance path. Well control challenges were faced 
in the form of increased gases in the mud while drilling. Excessive return flow rates 
were observed before pulling out of hole (POOH) due to reservoir connectivity via 
nearby hydraulic fractures. Likewise, high mud flow rates caused self-induced 
losses because of wellbore breathing and ballooning. However, the ballooning effect 
can be distinguished from reservoir kicks by means of Horner plots. Therefore, in 
the Eagle Ford, fracture strength at the casing shoe is 17 ppg which is considered 
sufficient for kick tolerance (Ridley et al., 2013).  
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2.2. Drilling Fluid Rheology and Hydraulics  
Rheology studies the flow or deformation of liquids in particular non-
Newtonian fluids. Normally, it defines fluid flow in terms of shear stress and shear 
rate. Hydraulic models define the drilling mud flow behavior using mathematical 
equations. Basically, these models define the pressure drop as a function of flow 
rate for a given fluid properties and conduit geometry. In addition, this pressure-flow 
rate relationship depends on the type of flow regime (Guo and Liu, 2011). The flow 
regime directly affects the behavior of drilling fluid and its capability to accomplish 
essential functions. Based on the fluid velocity, density and viscosity, the flow regime 
can be defined as laminar, transition or turbulent. In the laminar flow regime, fluid 
moves in smooth lines that are parallel to the walls of the conduit. Higher fluid 
velocity and viscosity require higher pressure (Mitchell and Miska, 2011). In the 
turbulent flow regime, fluid is spinning while moving. Wall roughness, high velocity 
and low viscosity increase the amount of fluid turbulence. The higher the fluid 
density, the higher the pressure needed to sustain flow. However, the pressure 
increase is a function of the square of velocity. At the critical velocity, the flow regime 
changes from laminar to transitional. This occurs at Reynolds number range 
between 2,000 and 4,000 (API RP13D, 2010). 
The primary functions of the drilling fluid are overbalancing formation 
pressures and cleaning the drilled cuttings. In addition, drilling fluid improves 
wellbore and shale stability through mud properties, flow, and associated pressures. 
If mud circulating pressure exceeds the formation strength, lost circulation occurs 
and drilling cost increases. However, if the hydrostatic pressure drops below the 
formation pressure, a kick develops from formation fluids. The risk of an uncontrolled 
blowout arises If the kick is not controlled properly (Bourgoyne et al., 1991; Mitchell 
and Miska, 2011). Drilling fluid rheological properties are essential in hydraulics 
calculations. These properties are measured using 6-speed viscometers and 
defined by rheological models (Aadnoy et al., 2009). Analytical rheological models 
such as Newtonian, Bingham Plastic, and Power Law are shown in Figure 2.1. 
Rheological models are intended to provide assistance in characterizing fluid flow. 
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Figure 2.1: Linear shear stress-shear rate plot for different hydraulics models (API RP13D, 2010). 
The Bingham Plastic model (shown as straight line, A) defines a linear shear 
stress-shear rate ratio after exceeding a threshold shear stress. Basically, this model 
depends on two parameters known as “plastic viscosity” and “yield point”. This 
model characterizes fluids in the higher shear-rate range (Guo and Liu, 2011). The 
Power Law describes shear thinning or pseudo-plastic drilling fluids (shown as 
curve, C). When plotted on a log-log graph, this model is a straight line. Since a true 
Power Law fluid does not exhibit a yield stress, this line has no intercept. The Power 
Law model depends on constants known as n and K. The majority of drilling fluids 
are not well approximated by neither the Bingham Plastic or the Power Law models. 
No single two-parameter model entirely describes realistic drilling fluids rheological 
characteristics over the whole shear rate range (Mitchell and Miska, 2011). 
However, the Herschel-Bulkley model, known as the “Yield-Power Law”, is a three-
parameter model that represents many drilling fluids (Aadnoy et al., 2009). This 
model describes the pseudoplastic drilling fluids that require a yield stress to initiate 
flow (API RP13D, 2010).  
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Fruhwirth et al. (2006) suggested the use of neural networks to predict real-
time drilling hydraulics. Likewise, Wang and Salehi (2015) proposed a neural 
network model to accurately predict pump pressure in vertical wells. However, in 
horizontal wells with complex wellbore/drillstring geometry, there is a need for 
advanced models to predict the hydraulics on a real-time basis. 
 
2.3. Well Control Philosophy 
Abnormal pressure zones and using improper mud density are the main 
causes of kicks during drilling. In addition, while tripping, moving the drillstring too 
fast results in gas swabbing or surge and total loss of circulation and can 
consequently develops a kick. However, early kick detection through monitoring the 
increase in surface mud volume and flow rate is critical. This way, the influx size and 
resultant wellbore pressures are minimized (Mitchell and Miska, 2011). Once a kick 
is detected, the BOP is closed to prevent further kicks, and the stabilized drillpipe 
and casing pressures are recorded. Then, the selected well control method keeps 
the bottomhole pressure constant by overbalancing the formation pressure, while 
circulating the influx out of the hole, and filling the wellbore with the heavy mud 
(Watson et al., 2003). Operation delays for any reason permit gas bubbles migration 
in water based mud. In addition, gas dissolves in oil based drilling fluids with a 
possibility of exceeding casing shoe pressure (Tarvin et al., 1991).  
In water based mud, during gas migration in a closed well, the assumption of 
kick remains as a continuous gas slug is unacceptable (Matthews and Bourgoyne, 
1983). According to Rader et al.’s (1975) experimental work, the critical factors 
affecting bubble rise velocity are annulus/drillstring configuration and gas expansion 
rate. In addition, gas migration speed is impacted by wellbore deviation angle, gas 
and liquid viscosities and densities. Neglecting wellbore elasticity and mud 
compressibility results in gas migration speed inaccuracy. Gas migrates at a speed 
of 6000 ft./hr when the gas concentration is more than 10% of the void fraction. 
Thus, mud compressibility increases because a trail of suspended stationary gas 
bubbles is trapped by mud. Gas bubble velocity of 900 ft./hr or slower and in some 
cases, it remains stationary is reported in the oilfield (Johnson et al., 1995).  
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In contrast, gas dissolves in synthetic oil based mud at high pressure and 
temperature conditions downhole. Gas solubility impacts surface kick indicators and 
kick circulation procedure. While dissolved gas is circulated out, massive free gas 
volumes are released at the bubble point. This always happen in the upper part of 
the wellbore between 1,000 to 2,000 ft (Adams and Kuhlman, 1994). In fact, the 
higher the wellbore pressure and gas specific gravity, the higher the degree of 
solubility. However, increasing temperature, solid content and water/oil ratio 
decreases gas solubility (O'Bryan et al., 1988). Methane is fully miscible in diesel, 
mineral, synthetic, and ester oils when pressure is above the miscibility pressure 
and paraffinic oil shows higher solubility than ester oil (Monteiro et al., 2010).  
 
2.3.1. Kick Causes and Detection 
Despite the best well control practices to keep formation fluids under control, 
kicks still occur and may even be anticipated in the well design. The primary well 
control line of defense is the hydrostatic pressure of the drilling fluid. If this barrier 
fails, the secondary well control barrier includes detecting the kick, shutting the well 
in using the BOP, then removing the influx using a proper well control technique. 
The primary reason for taking a kick while drilling is insufficient drilling fluid density. 
This happens either by using a lighter weight mud or by excessive gas bubbles 
contaminating the mud. In addition, kicks can occur as a result of fluid column height 
reduction during total loss of circulation. Furthermore, during tripping out, moving 
the pipes too fast creates a vacuum, causing the bottomhole pressure to drop and 
consequently swabbing starts. However, the main cause of kicks when tripping the 
drillpipe out is not filling the hole with enough mud to maintain the mud level. 
Wellbore collision with a producing well is another reason for kicks. Finally, 
encountering an unpredicted abnormal pressure zones also leads to a kick (Adams 
and Kuhlman, 1994; Watson et al., 2003). Among these causes of kick, only the 
swabbing and the improper hole filling during tripping can be controlled by upholding 
the tripping standard procedure. All surface indications of underbalanced 
bottomhole pressure that leads to a kick or blowout should be closely monitored.  
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A sudden increase in the drilling rate of penetration (ROP) can indicate a soft 
formation or underbalance conditions. An increase in mud pit volume and return flow 
rate are also considered positive indicators of a kick. In fact, a flow check performed 
by detecting the existence of a return flow while pumps are stopped is the most solid 
evidence of kicks (Watson et al., 2003). In a floating offshore rig, kick observation is 
difficult due to currents and wave motions. In addition, this is coupled with long 
marine risers and deeper water depths (Johnson et al., 2014).  
Early kick detection is vital in minimizing the kick size and subsequently 
reducing surface and bottomhole pressures during well control operations. A recent 
example is the Macondo well where a major blowout occurred at the Deepwater 
Horizon offshore drilling rig. It is reported that the crew changed the wellbore fluids 
with salt water for temporary abandonment. Hence, reducing the hydrostatic 
pressure was the main cause of the events that resulted in a catastrophe where loss 
of life occurred. There was a positive indicator of the kick when the flow of formation 
fluids far exceeded the pumped seawater injection rate. Crew was too late to 
recognize the events which prevented proper closing of the BOP (Turley, 2014).  
 
2.3.2. Well Control Methods 
Once a kick is confirmed, the well must be shut-in via one of the two widely 
used methods. These methods are soft shut-in and hard shut-in. In a soft shut-in, 
the remote choke should be in the open position. Then, the BOP is closed , the high 
closing ration (HCR) valve is opened, and the remote choke is closed followed by 
recording pressures. On the other hand, in a hard shut-in, with the remote choke is 
already close, the BOP is shut-in and the HCR is opened and followed by recording 
of pressures (Watson et al., 2003). Whereas, closing the BOP with a closed choke 
creates a backpressure wave in the form of “water hammer”. This water hammer 
has been claimed to fracture depleted zones and results in underground blowouts. 
However, studies show that the water hammer is negligible in deep water and long 
wellbores. In contrast, the soft shut-in extends closing time and increases kick 
volume and eventually results in higher wellbore pressures (Jardine et al., 1993).  
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Mud displacement in a wellbore can be visualized as a u-tube (Watson et al., 
2003). Starting with mud pump, the drillpipe and drilling bottomhole assembly is on 
one left side and  on the right side of the u-tube there are the annular sections 
between drillstring and openhole/casing ending with the variable choke. The drill bit 
nozzles are at the mid-point located at the total depth. Well control main objective is 
to maintain a constant bottomhole pressure based on the u-tube model. This way, it 
prevents secondary kicks or casing shoe fracturing during well control operations 
(Mitchell and Miska, 2011).  
The industry adopted two well control methods known as the Driller’s (the two 
circulations) method and the Wait-and-Weight (W&W) (the one circulation or the 
Engineer’s) method. In first circulation of the Driller’s method, the influx is removed 
from the hole, and then the heavy mud is pumped in the second circulation (Bill, 
1995). The Driller’s method needs simple pressure calculations, and it starts 
immediately after shutting-in the BOP. The Driller’s method controls the swabbed 
gases in one circulation without the need to increase the mud weight. The 
drawbacks of the Driller’s method are the longer operation time needed for two 
circulations and the higher pressures experienced at the choke and the casing shoe 
(Watson et al., 2003).  
In the Wait-and-Weight method, the heavy mud is pumped to circulate the 
kick out simultaneously. A pump pressure step-down scheme from initial to final 
circulating pressure is calculated. A waiting period is needed to increase the mud 
density (Bill, 1995). Pumping the heavy mud into the wellbore while circulating the 
kick out decreases the downhole and surface pressures. This only happens when 
heavy mud reaches the annulus before gas influx passes the casing shoe. Waiting 
for mud preparation escalates the chance of gas migration and pressurizing the 
wellbore (Grace, 2003). Moreover, the step-down chart calculations in deviated 
wells are complicated (Santos, 1991b; Choe et al., 2005). Although, in vertical wells, 
Wait-and-Weight method decreases wellbore pressures, in horizontal wells Driller’s 
method is applied to avoid delay time. In addition, it avoids step-down chart 
complications and circulates swabbed gas in the first circulation only.  
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In horizontal wells, kick tolerance is greater. In addition, wellbore geometry, 
influx size and flow rate influence well control procedures (Santos, 1991a). The 
selection of the proper pump pressure step-down chart while heavy mud is 
displacing the drillstring section is critical and depends on wellbore/string 
configurations. Hence, a vertical well step-down is invalid for horizontal wells 
(Santos, 1991a). In multilateral trajectories, step-down charts are complex and need 
to be computer generated (Choe et al., 2005). Driller’s and W&W methods assume 
the gas invades the wellbore as a continuous slug and remains at the bottomhole 
with no migration. These methods also assume that gas mass is constant, therefore, 
there is no absorption to mud or adsorption to solids. Further, these methods 
assume that frictional pressure losses in the annulus are negligible at slow pump 
rates (Bill, 1995; Watson et al., 2003). 
 
2.3.3. Previous Well Control Studies 
Ekrann and Rommetveit (1985) simulated gas kicks behavior in oil based 
mud in a vertical well. Pressure, flow velocities, and free/dissolved gas content were 
the dependent variables. The algorithm successfully simulated the kick 
development. However, the choke operation caused numerical solution 
convergence problems. Santos (1991b) studied well control in horizontal wells and 
deep water wells. He developed a two-phase well control simulator for water based 
drilling fluids. He concluded that in horizontal wells, choke pressure remains 
constant at a value close to shut-in casing pressure for a longer period. Kick size, 
annulus geometry, and kick circulation rate are the main factors affecting choke 
pressure. However, as a result of well geometry, well control operations are harder 
in horizontal wells as well as a more complex pump pressure step-down schedule. 
Yet, horizontal wells have greater tolerance to take a kick without exceeding casing 
shoe fracture in comparison to vertical wells (Santos, 1991a). Wang et al. (1994) 
studied gas kicks in a water based mud while drilling horizontal wells. Their model 
couples the gas influx from the kicking formation with fluid flow along the horizontal 
section. This flow occurs during kick development and shut-in phases.  
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Wang et al. (1994) concluded that mud return flow rate is the most sensitive 
kick detection parameter. Also, in horizontal wells, the Wait-and-Weight method is 
not effective. The reason is the heavy mud reaches the annulus after gas reaches 
the surface and the maximum choke pressure have already occurred. Rommetveit 
et al. (1995) studied two phase flow in horizontal wells using surface flow loop 
experiments. Their examination showed that for horizontal wells, vertical and 
inclined wells gas transport models are not valid. They derived new gas transport 
velocity and frictional pressure loss correlations based on the flow loop data.  
Choe (1995) developed a dynamic two-phase flow simulator for horizontal 
wells and multilateral trajectories. The finite difference numerical scheme was used 
to solve the conservation of mass, momentum equations, and equation of state. He 
concluded that gas velocity, wellbore geometry, and formation permeability impact 
kick pressure behavior. Moreover, pressure build-up during initial shut-in period is 
accurately represented considering drilling fluid compressibility (Choe, 1995; Choe, 
2001; Choe et al., 2005).  
Gjorv (2003) studied well control in extended reach wells. He recommended 
the hard shut-in method followed by the Driller’s method for kick circulation. A high 
pump rate was proposed to remove the gas kick from the horizontal section. During 
gas circulation, once the casing pressure starts increasing, the kill rate should be 
reduced to 1/2 to 1/3 of normal drilling rate. He concluded that the kick size and 
circulation rate significantly impact wellbore and surface pressures. 
 
2.4. Gas Solubility in Oil Based Mud 
Gas tends to dissolve in drilling fluids, however, in water base mud the 
solubility is insignificant. Gas Solubility (scf/bbl) defines the amount of dissolved gas 
in solution at a given pressure and temperature. Soluble gases include CO2 and H2S 
that are soluble in both water and oil. Nevertheless, solubility in oil based mud is 
higher. Temperature, pressure, and composition define the degree of gas solubility 
(Watson et al., 2003). Thomas et al. (1984) studied gas solubility in oil based mud 
experimentally. They concluded that mud pit gain is still a reliable indicator of kicks. 
However, pit levels should be designed to detect less than 5 bbls.  
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In water based mud, gas solubility is less than 1% compared to oil based 
mud. Therefore, the solubility of gases in water based mud can be safely ignored. 
Free gas migrates and exceeds the mud speed, meanwhile dissolved gas does not 
migrate. In oil based mud, gas dissolves into the mud and masks the actual mud 
return rate. Thus, an existing kick might be ignored if only the mud return flow rate 
was considered as the kick indicator (Thomas et al., 1984).  
O'Bryan et al. (1988) concluded that in the last 2,000 ft. of a wellbore, the gas 
liberation problems occur. Solubility of gas in oil based mud increases with downhole 
pressure and gas specific gravity. Nevertheless, the higher the temperature, solids 
content, and water/oil ratio the lower the gas solubility. Additionally, at low pressures, 
the oil composition has an insignificant impact on the degree of gas solubility 
(O'Bryan et al., 1988). Swanson et al. (1988) studied solubility in invert emulsion 
drilling fluids at pressures and temperatures up to 15,000 psi and 350o F. Their 
model showed that kick volume, mud flow rate, downhole pressure and temperature 
define surface pit gain. Adams and Kuhlman (1994) stated that gas dissolves in the 
oil and pit gain is not representing the actual kick size. For example, a 4-6 bbls 
surface pit gain can only be detected while a 20 bbls kick is developed at the 
downhole conditions (Adams and Kuhlman, 1994).  
Berthezene et al. (1999) studied the solubility of methane in diesel, mineral, 
synthetic, and ester oils. The Peng-Robinson equation was used to model the critical 
parameters and to extrapolate the experimental data. They concluded that below 
the critical pressure the methane solubility depends slightly on oil composition. The 
critical pressure is the pressure where complete miscibility occurs. This pressure is 
between 7,252 and 10,152 psi at 190o F. However, the miscibility pressure in ester 
oil is the highest. Above the miscibility pressure, gas is fully miscible in oils. Lima et 
al. (1999) concluded that in synthetic oil based mud, gas solubility is a linear function 
at low pressures as shown in Figure 2.2. However, Figure 2.3 shows the miscibility 
pressure for methane-synthetic oil mixture around the critical pressure of 7,600 psi. 
This chart shows that methane solubility goes to infinity above 7,600 psi.  
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Figure 2.2: Gas solubility in SBM at moderate pressures after (Lima et al., 1999). 
 
Figure 2.3: Gas solubility in SBM at high pressures after (Lima et al., 1999). 
Lima et al. (1999) claimed that a 10 bbls influx at the bottomhole conditions 
shows only as 8.5 bbls at the surface regardless of mud compressibility. Bradley et 
al. (2002) studied gas diffusion in horizontal wells drilled with oil based mud. They 
concluded that gas diffuses into the wellbore if mud is undisturbed for a period of 
time. For instance, in an 8.5” hole, 5 bbls of methane can diffuse in 6 hours. In 
addition, 18 bbls diffuses in 24 hours with an influx rate of 0.9 bbl/hour.  
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The facts that gas diffusion deteriorates the mud properties and that the gas 
ratio increases regardless of the overbalance pressure are alarming and should be 
carefully considered (Bradley et al., 2002). Silva et al. (2004) experimentally studied 
methane-liquid thermo-dynamical properties. This included bubble point pressure, 
solubility, density, and formation volume factor at temperatures of 158 and 194 oF. 
They considered three mixtures of methane with ester and iso+n-paraffin. N-paraffin 
compared to ester based fluids showed higher solubility and formation volume factor 
accompanied by lower bubble point pressure. Therefore, in n-paraffin based mud, 
gas kick detection is harder than in ester based fluids (Silva et al., 2004). Ribeiro et 
al. (2006) extended this work for deep water drilling. A thermodynamic modeling 
based on Krichevsky-Kasarnovsky correction of Henry’s law was used to verify the 
experimental results. They concluded that gas solubility is the highest in iso+n-
paraffin, then solubility decreases in n-paraffin, and solubility is the lowest in ester 
due to the high polarity of the ester group (Ribeiro et al., 2006).  
Monteiro et al. (2010) studied gas PVT properties in synthetic oil based 
drilling fluid mixtures at higher temperatures. The equation of Peng-Robinson was 
used to fit methane and n-paraffin system experimental data. They concluded that 
below 5,000 psi, the temperature effect is insignificant. Also, as a result of the small 
volumetric fractions, drilling fluid additives show a negligible impact on solubility. For 
example, a 20 bbls surface pit gain of methane means that 45% more gas entered 
the wellbore in OBM compared to WBM at a depth of 8,000 ft. Flatab et al. (2015) 
investigated methane solubility in mineral and paraffin oil in pressures up to 14,500 
psi and temperatures up to 392 oF. They concluded that the PVT simulator 
underestimates the temperature influence on saturation pressure compared to 
experimental results. Moreover, they recommended upgrading dynamic well control 






2.5. Drilling with Casing/Liner 
Drilling with casing/liner are innovative techniques that eliminated the need 
for a conventional drillstring. These technologies utilize a casing or a liner string with 
a special bottomhole assembly. Applications of DwC/DwL have accelerated in the 
recent decades due to its benefits, but some unknowns also appeared (Aadnoy et 
al., 2009).  
2.5.1. Drilling with Casing/Liner Equipment 
Drilling with casing and/or liner use API standard casing strings to drill the 
well and run the casing instantaneously. This includes utilizing either non-retrievable 
or retrievable bottomhole assemblies. The non-retrievable BHA consists of a 
drillable drill bit and float collar that opens a pathway for the next casing string run 
(Satkan, 2013). Otherwise, a retrievable bit and BHA are attached to the drillpipe or 
wireline with a drill lock assembly. This enables changing the drill bit or the 
directional bottomhole assembly. This BHA consists of pilot bit followed by an under-
reamer. This way the BHA runs through the casing and can drill a hole with sufficient 
clearance for casing and cementing. To prevent damage to the connection threads 
and to handle casing strings faster, DwC rigs are equipped with a casing drive 
assembly (CDA) (Aadnoy et al., 2009). Formation drillability defines the BHA 
selection. Offset bit records and trajectory requirements control the suitable BHA for 
a single run (Satkan, 2013). Ghiselin (2012) categorized DwC/DwL into three levels 
as shown in Figure 2.4. Level 1 defines when a reaming shoe is used with a 
casing/liner string. This type is common in horizontal wells to facilitate running the 
casing to the bottom. Level 2 implements a non-retrievable BHA to drill and place 
casing string with no directional drilling capability. Level 3 uses a retrievable BHA 
with/without directional drilling assembly that can be run on wireline, coiled tubing or 
drillpipe (Ghiselin, 2012). 
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Figure 2.4: Casing drilling classification (Ghiselin, 2012). 
2.5.2. Drilling with Casing/Liner Benefits 
• Reduce non-productive time (NPT) and well cost: As the casing/liner is 
already on bottom, there is no need for a round-trip. This eliminates surge 
and swab piston effects associated with tripping. Additionally, it diminishes 
the time for wiper trips and hole conditioning before running the casing.  
Lopez and Bonilla (2010) reported a 30% saving in time and 10% reduction 
in cost compared to conventional drilling techniques. In addition, Sánchez et 
al. (2012) claimed that in Oman DwC reduced cost per meter more than 25% 
by accelerating well delivery time up to 58%.  
• Minimize lost circulation problems: Field reports show that smearing 
(plastering) effect decreases loss of circulation problems and improves 
wellbore stability. For instance, Fontenot et al. (2003) reported that loss of 
circulation was significantly reduced in the Lobo field, South Texas. Likewise, 
the smoothing motion of casing string creates gauged holes which prevents 
washouts and break downs. The greater the contact area and the smaller the 
contact angle, the greater the casing string smoothing effect. When these 
conditions are coupled with casing side forces and momentum, it potentially 
fills hole washouts and breakouts (Karimi et al., 2011).  
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Sánchez et al. (2012) reported an improvement in the cement operations 
because of gauged wellbores. Salehi et al. (2013) claimed fracture gradient 
enhancement in narrow pore-fracture pressure sedimentary basins and deep 
offshore applications. 
• Improve Drilling Performance: Field application showed an improvement 
in that the total drilling performance. This included improving hole cleaning 
by means of cuttings circulation at high velocities in narrow annular spaces. 
Furthermore, the well control problems associated with tripping operations 
such as surge and swab have been minimized. With this technology, casing 
setting depth can be driven deeper than conventional drilling with less 
number of casing strings. This can be achieved by excluding the increase in 
mud density to accommodate surge and swab margins while tripping 
(Radwan and Karimi, 2011). The DwC/DwL technique is considered safer as 
personnel exposure to pipe handling is reduced (Aadnoy et al., 2009).  
 
2.5.3. Drilling with Casing/Liner Limitations 
This technology requires rig modification, special bits, casing connection 
wear band, and accessories (Satkan, 2013). Oilfield casing strings are intended for 
static wellbore conditions. However, casing strings used while drilling are subjected 
to dynamic loads such as rotational motion, cyclic fatigue, torsion cycles, and 
compressive forces (Galloway, 2004). Alternatively, in these critical wellbore 
sections, heavy casings with thicker walls can be used. In addition, centralization of 
casing string during cementing is another major operational concern. The regular 
centralizers do not withstand dynamic downhole conditions. Therefore, the rigid 
centralizers are used for wear management, nevertheless this is limited by the extra 
torque and cost. In retrievable systems, once the BHA is retrieved, there is no tool 
in the casing string to prevent cement u-tubing. In addition, cementing tools have 
the tendency to fail (Aadnoy et al., 2009).  Differential sticking is the most sever 
limitation as a result of drilling fluid specifications and hydraulics especially in low 
pressured permeable formations.  
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Selecting the optimum flow rate is critical. Higher flow rates result in higher 
ECD values. This leads to formation fractures and destructs filter cake uniformity. 
However, lower flow rates jeopardize the jetting action, cleaning bit face and cuttings 
from the bottomhole (Gupta, 2006). Furthermore, hook load decreases while the 
pump is starting and flow rate increases. This challenges the process of applying 
weight to the bit because of the hydraulic lift force acting on the casing string bottom.  
Also, sudden pipe movement during connections causes severe surge and 
swab. Drilling gumbo-type sticky shales results in bit balling (Aadnoy et al., 2009). 
The most harmful vibration is the lateral vibration of whirl which cause coupling 
fatigue failure. Furthermore, in harder rocks, torsional oscillation can damage the 
string connections. In the worst case, torsional oscillation initiates a stick/slip 
scenario (Aadnoy et al., 2009). 
 
2.5.4. Previous Studies of Drilling with Casing/Liner 
At the normal flow rates, the relatively narrow casing/borehole space 
increases the annular pressure loss (APL). Fully eccentric pipe reduces APL by 
approximately 30% and pipe rotation increases APL up to 40%. APL depends on 
the flow regime such as laminar, transient, and turbulent flow. Equivalent Circulating 
Density (ECD) is always higher than static mud weight. Instead of 550 GPM in 
conventional drilling, the flow rate should be deceased to 300 GPM in DwC to 
maintain the same ECD (Aadnoy et al., 2009). Arlanoglu  (2011) investigated the 
smearing mechanism and parameters affecting near wellbore stress distribution 
using finite element analysis. This included micro fracture creation, bridging material 
accumulation in fracture mouth, hoop stress improvement and lost circulation 
minimization at high horizontal stress anisotropy. Mokhtari et al.’s (2013) numerical 
study showed that the reduction of breakout occurrences using casing drilling 
compared to conventional drilling. However, they assumed a 50% reduction in the 
exposure time. Also, the permeability is assumed to decrease from 10-4 md to 5-6 
md. Further, the compressive strength was assumed to improve by 10% in casing 
drilling compared to a 50% reduction with conventional drilling.  
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Salehi et al. (2013) studied the near wellbore area and hoop stress changes 
considering the formation poro-elastic properties. In addition, frictional pressure 
losses were evaluated using Computational Fluid Dynamics (CFD). The annular 
clearance and pipe size are the critical parameters affecting wellbore strengthening. 
However other parameters such as rotary speed, mud type, time, stress anisotropy, 
mud hydraulics, thermal effects and penetration rate showed limited impact. 
Likewise, Satkan (2013) studied hydraulics, pressure, and velocity profiles at 
different eccentricity values using CFD.  He concluded that hydraulics and annular 
pressure distributions are unique and are considered as the main contributor to 
plastering effect. Nevertheless, higher the string eccentricity, lower the annular 
frictional pressure loss since the viscosity is dependent on shear rate (Satkan, 
2013). 
Van Oort and Razavi (2014) defined different mechanisms for wellbore 
strengthening. They concluded that the most consistent mechanism is fracture 
propagation resistance (FPR). They claimed that stress cage and fracture closure 
stress mechanisms are unproven and unrelated to laboratory experiments and field 
practice results. Kiran et al. (2014) investigated the hypothesis of hoop stress 
change considering casing/wellbore contacts using finite element analysis. Wellbore 
stress equations include parameters such as wellbore geometry, pore pressure, and 
far-field stresses. However, these equations neglected pipe contact and eccentricity. 
Results suggested BHA design should consider casing contact in maximum 
horizontal stress direction. Naveen and Babu (2014) conducted experimental 
studies to understand the impact of the plastering effect. They related this plastering 
effect to the development of a thin strong mud cake layer to prevent fluid loss. They 
concluded that at high concentration of fine grains, centrifugal, drag forces, and 
acceleration due to centrifugal forces are the main factors affecting plastering effect.   
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C H A P T E R  3 :  M E T H O D O L O G Y  A N D  W E L L B O R E  
C O N F I G U R A T I O N S  
Wellbore configurations used in this study are discussed in Section 3.1 below 
for five different cases. Section 3.2 discusses the features of WVU Rig-Floor Drilling 
and Well Control Facility. The well control software used in this study is presented 
in Section 3.3. Relevant equations are given in Section 3.4 and Section 3.5 
describes the u-tube models employed in this study. A new step-down model is 
presented in Section 3.6  
 
3.1. Wellbore Configurations 
3.1.1. Marcellus Shale Lateral Well Configuration  
Figure 3.1 shows the Marcellus X1 lateral drilled in Monongalia County, WV 
in 2015. The kick-off point (KOP) depth is 6,742 ft and the total drilled depth is 14,455 
ft. The total vertical depth (TVD) at the lateral heel is 7,536 ft, and at the toe is 7,452 
ft. The inclination angle in the lateral section varies between 88 and 94 degrees. A 
70% oil based mud was used to drill the 8.5” lateral with an average density of 12.5 
ppg, plastic viscosity of 24 cp, and yield point of 10 lb/100ft2. The average drilling 
rate of penetration was 150 ft/hr, and pump flow rate was in the range of 350-460 
gpm with a corresponding pump pressure of 1,900-3,600 psi. Table 3.1 shows 
wellbore and drill string configurations used to drill the Marcellus (MRC) X1 lateral. 
In addition, it shows the drilling fluid density and rheological properties. 
 
Table 3.1: Marcellus X1 lateral wellbore/string configurations. 
Property Value Unit 
Drillpipe (OD x ID) 5.0 x 4.28 in. 
Drill collars (OD x ID) 6.875 x 2.875 in. 
Previous casing (OD x ID) 9.625 x 8.835 in. 
Casing shoe depth 1,781 ft. 
Bit diameter 8.5 in. 
Total vertical depth (TVD) 7,452  ft. 
Total measured depth (TMD) 14,455  ft. 
Mud density 12.5 ppg 
Plastic viscosity 24.0 cp 
Yield point 10.0 lbs./100 ft2 
Bit nozzle size 5x11+1x10 1/32 in. 
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Figure 3.1: Trajectory of Marcellus X1 lateral drilled in Monongalia county, WV in 2015.  
 
3.1.2. Horizontal Well drilled with Oil Based Mud Configuration 
A commonly used inclined downward wellbore configuration in shale gas 
formations was selected for the study of the gas solubility in oil based mud and the 
details are shown in Figure 3.2 and Table 3.2. An oil based mud was used to 
investigate the impact of gas kick solubility on well control practices. Different values 
of solubility and bubble point pressure were studied for an OBM with 75% oil and 
25% water. Also, the impact of circulation rate was investigated using 20, 40, and 
60 spm, and two well control methods were examined. These methods are the 
Driller’s and Wait-and-Weight techniques. A kill mud density of 13.0 ppg was used 
in all runs. Finally, water kick behavior was studied and compared to gas kick in an 
oil based mud.  
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Figure 3.2: Trajectory and configuration of the horizontal well drilled with oil based mud.  
Table 3.2: Horizontal well configuration and gas kick data for oil based mud study. 
Property Value Unit 
Drillpipe (OD x ID) 5.0 x 4.276 in. 
Drill collars (OD x ID) 6.75 x 2.875 in. 
Previous casing (OD x ID) 9.625 x 8.921 in. 
Casing shoe depth 4,000 ft. 
Fracture gradient at casing shoe  0.85 psi/ft. 
Bit diameter 8.75 in. 
Kick-off point (KOP) 7,000 ft. 
Inclination angle 88.0 degree 
Total vertical depth (TVD) 7,280 ft. 
Total measured depth (TMD) 15,010 ft. 
Mud density 12.0 ppg 
Plastic viscosity 18.0 cp 
Yield point 12.0 lbs./100 ft2 
Bit nozzle size 3 x 12 1/32 in. 
Pump displacement 0.09967 bbls./stroke 
Shut-in drillpipe pressure SIDPP 355 psi 
Shut-in casing pressure SICP 360 psi 
Pit Gain 20.0 bbls. 
 
3.1.3. Drilling with Casing/Liner Configuration  
Figure 3.3 and Table 3.3 illustrate the trajectory and configurations for drilling 
with casing/liner. The wellbore, mud properties, and influx characteristics are the 
same as the case with oil based mud which is shown in Table 3.2. 
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Figure 3.3: Trajectory of the horizontal wellbore configuration for drilling with casing/liner.  
Table 3.3: Configurations for vertical, directional, and horizontal wells drilled with casing/Liner. 
Property Value Unit 
Casing/liner (OD x ID) 7.00 x 6.094 in. 
Inclination angles 0o -50o -90o Degree 
True vertical depth (TVD) 7,200 ft. 
Total measured depth (TMD) 7,000-8,390-15,000 ft. 
3.1.4. Inclined Upward/Downward Lateral Well Configuration  
For hydraulics and well control comparison, three lateral configurations were 
considered as shown in Figure 3.4. First, flat horizontal well with an inclination angle 
of 90o and a TVD of 7,516 ft. Then, an inclined downward lateral with a TVD of 7,980 
ft and 86o inclination angle. Finally, an inclined upward well with an inclination angle 
of 94° and a TVD of 7,022 Ft. The measured depth of each lateral is 15,000 ft. 
 
Figure 3.4: Wellbore trajectory for flat horizontal, inclined upward, and downward laterals. 
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3.1.5. Marcellus/Utica Lateral Configuration  
For the Marcellus and Utica comparative study, Figure 3.5 and Table 3.4 
illustrate a typical wellbore configuration for inclined upward and downward laterals. 
These laterals were utilized to compare operational parameters, influx, and reservoir 
characteristics in inclined downward (88o) and inclined upward (92o) wellbore 
configurations. This comparison included dry gas, rich condensate, and black oil 
influxes with different kick sizes of 10, 30, and 50 bbls, and various kick intensities 
of 1, 2, and 3 ppg circulated at altered pump rates of 100, 200, and 300 gpm. 
 
Figure 3.5: Wellbore trajectory for Marcellus and Utica comparative study and sensitivity analysis. 
Table 3.4: Marcellus and Utica wellbore configurations and sensitivity analysis parameters. 
Property, Unit Value 
Drillpipe (OD x ID), in. 5.0 x 4.276 
Drill collars (OD x ID), in. 6.75 x 3.250 
Previous casing (OD x ID), in. 9.625 x 8.835 
Casing shoe depth, ft. 2,000 
Bit diameter, in. 8.5 
Inclination angles 88 o-92o 
Kick-off-point (KOP), ft. 6,800 (Marcellus) – 7,800 (Utica) 
True vertical depth (TVD), ft. 7,500 (Marcellus) – 8,500 (Utica) 
Total measured depth (TMD), ft. 15,000 
Mud density, ppg 12.5 (Marcellus) – 15.0 (Utica) 
Reservoir pressure gradient, psi/ft. 0.7 (Marcellus) – 0.85 (Utica) 
Slow pump rate, gpm 100, 200 and 300 
Influx size, bbls 10, 30 and 50 
Influx intensity, ppg 1, 2 and 3 
Influx fluid and Gas/Oil Ratio, scf/stb Black oil, GOR = 600,  
Rich condensate, GOR = 2 x 104  
Dry gas 
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3.2. Full-Size Rig-Floor Drilling and Well Control Facility at WVU 
This study utilized the WVU drilling and well control simulator (CS Inc., 2011) 
shown in Figure 3.6. This simulator is designed to provide training and research for 
drilling, completion, and production operations; in particular blowout prevention and 
well control. The system illustrated in Figure 3.6 consists of 11 panels in addition to 
two computers and a display monitor. These units from left to right are the cement 
head, x-tree, choke manifold, surface BOP stack, standpipe manifold, remote choke 
panel, Driller’s console, Driller’s data display, pit flow alarms, wave compensator, 
and offshore (deepwater) BOP stack. Each individual panel and console contains a 
digital microprocessor and status indicator lights.  
 
Figure 3.6: Full-size rig-floor drilling and well control facility at WVU. 
The main brain of the simulator is the CS software that enables the design of 
the wellbore and drillstring configurations. In addition, it assigns drilling fluid 
properties, drilled formation properties, and influx characteristics. Therefore, real 
field complications can be simulated through time or drilled distance with failures of 
equipment such as pumps and BOP. While running an exercise, 35 parameters are 
logged at the specified sampling time interval as shown in Appendix B. This includes, 
drilling and well control surface and downhole parameters such as pressures, 
volumes, and flow rates (CS Inc., 2011). Upon setting up the formation/kick, to 
configure the well control scenario, the following procedure is utilized:  
• Start by performing slow pump rate pressure (SPRP) for each of the rig 
pumps at different slow pump rates (20, 30 or 40 spm).  
• Drill ahead until a positive kick indicator is detected such as pit gain, increase 
in return flow rate, and/or a sudden increase in the drilling rate (drilling break).  
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• Perform a flow check; this includes spacing the tool joint out of the BOP with 
the bit is off of the hole bottom and the weight on bit indicator reading zero. 
Then, turn-off rotation and stop the pumps, set the slips, transfer the hookload 
to the slips, and monitor mud return.  
• If flow check is positive, follow the hard shut-in procedure. This includes 
closing the upper pipe ram and open the choke line (HCR) valve while the 
remote choke is already in the closed position. 
• Upon stabilization of surface pressures, record SIDPP, SICP, and pit gain.  
• Select the desired well control method and estimate the proper kill sheet 
including pump pressure step-down schedule. 
• If the Driller’s method is selected, slowly bring the pump up to the kill speed 
at  5 spm intervals, keeping the casing pressure constant. Pump pressure 
should be allowed to increase while the pump rate is increasing. 
• Remember that while adjusting the remote choke, accommodate for the 
delay time of 2 seconds/1000 ft of the hole depth. This means that pressure 
change is noticed first on the casing pressure gauge then after the delay time, 
it impacts the pump pressure gauge. 
• Once the pump is at the kill speed, maintain the pump pressure at estimated 
initial circulating pressure (ICP) until the gas reaches the choke and is entirely 
circulated out of the wellbore. As the influx is circulated toward the surface, 
casing pressure is expected to increase due to gas expansion. Monitor the 
casing pressure and keep it below the maximum allowable surface pressure 
(MAASP). Once the influx reaches the choke, the casing pressure is 
expected to decrease while the gas is circulated out of the hole. 
• Upon kick removal, slowly shut-down the pump while holding the casing 
pressure constant. Close the remote choke to trap pressure that represents 
the initial SIDPP. The casing and drillpipe pressures should be equal to the 
initial SIDPP; otherwise, continue circulating the remaining gas influx.  
• Once the estimated heavy density kill mud is prepared, start the second 
circulation of the Driller’s method to displace the old mud with the heavy mud. 
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• Slowly bring the pump up to the kill speed keeping the new casing pressure 
constant and allowing pump pressure to increase. 
• Decrease the pump pressure from ICP to FCP following the step-down 
schedule by adjusting the remote choke. If the proper step-down was applied, 
it should avoid over-pressuring the bottomhole, and casing pressure should 
be constant while the heavy mud is filling the drillstring.  
• Once the heavy mud reaches the TVD of the horizontal well, keep the pump 
pressure constant at FCP until the mud reaches the bit, displaces the lateral 
and vertical annulus sections, then reaches the surface. 
• Once the heavy mud reaches the vertical annulus, casing pressure starts to 
decrease. However, choke line friction and exaggerated safety factors apply 
backpressure on the wellbore. At this point, step-down the pump rate slowly 
trying to keep FCP constant until the heavy mud fills the hole. 
• Once heavy mud evidently reaches the surface, shut-down the pump slowly 
keeping casing pressure constant and close the remote choke. 
• Upon a successful well control operation, both pump and choke pressures 
must be zero. Now, open the BOP and commence the normal drilling 
operations. 
 
3.3. Drillbench Steady-State Hydraulics and Dynamic Well Control Software 
This study implemented the Drillbench steady-state hydraulics and dynamic 
well control software. This realistic multiphase simulator is capable of modeling gas 
migration in water based mud as well as gas solubility in oil based mud with a 
compositional PVT model. Multiphase flow correlations and Equation-of-State 
(EOS) are used to evaluate dynamic fluid properties, gas bubble migration in WBM 
and solubility in synthetic OBM. During influx circulation, bottomhole pressure is kept 
constant and the choke opening is adjusted accordingly. Steady-state hydraulics 
inputs include wellbore trajectory and survey, drilled formations top and bottom 
depths. Also, it includes pore pressure and fracture gradient as well as previous 
casing strings, drill bit, bottomhole assembly, and string components.  
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Furthermore, the software considers water and oil based mud density, 
rheological and themophysical properties of fluids and PVT model. Wellbore 
geothermal gradient and dynamic temperature modeling are also included. 
Simulation set-up includes number of grids in the flow direction, drillstring 
eccentricity model, surface pipeline, choke line, and separator configurations. 
Outputs include wellbore pressure, temperature, equivalent viscosity, cutting 
velocity, cutting transport ratio, and associated equivalent circulating density 
profiles. 
The dynamic multiphase well control simulator inputs include wellbore 
trajectory and survey. It also considers previous casing strings, drill bit, bottomhole 
assembly, and string components. Surface equipment includes: choke and kill lines, 
pumps and BOP specifications. In addition, inputs include fracture pressure 
gradient, fracture initiation and closing pressure. Water and oil based mud density, 
rheology, and gas solubility are defined. Moreover, it includes reservoir depth, 
formation porosity and permeability, influx characteristics, geothermal gradient, and 
dynamic temperature model. Simulation set-up defines the number of grids in the 
flow direction, depth of observation points, mud gas separator, two-phase pressure 
loss model, and PVT model. Further, it allows kick detection, flow check, shut-in and 
influx circulation batch configurations. Simulation control parameters include: rate of 
penetration, pit alarm level, pump rate, BOP, and circulation mode. Constant 
bottomhole pressure mode adjusts the remote choke opening accordingly. The 
software provides 46 different outputs such as surface and downhole pressures, 
gas-liquid volumes, velocities, and flow rates. These results can be plotted in terms 
of circulation time, number of strokes, or pumped mud volume. 
 
3.4. Pump and Bottomhole Pressure Calculations 
During the drilling operations, pump pressure (standpipe pressure = SPP) 
equals the sum of frictional pressure losses, surface back pressure, and hydrostatic 
imbalance between drillstring and annulus (API RP13D, 2010). Wellbore/string 
configuration, mud rheology, flow rate and flow regime define pump pressure. 
Standpipe pressure during drilling can be expressed with Equation 3.1. 
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𝑺𝑷𝑷 = ∆𝑷𝑺 + ∆𝑷𝑫𝑷 + ∆𝑷𝑫𝑪+ ∆𝑷𝑩𝑯𝑨 + ∆𝑷𝑩𝒊𝒕 + ∆𝑷𝑫𝑪−𝑶𝑯 + ∆𝑷𝑫𝑷−𝑶𝑯 + ∆𝑷𝑫𝑷−𝑪𝑺𝑮 + ∆𝑷𝑪𝑯 + ∆𝑷𝑯𝑫   (𝟑. 𝟏) 
Where, Ps is surface equipment friction loss, PDP is drillpipe pressure drop, 
PDC is pressure drop in the collars, PBHA is the pressure loss due to bottomhole 
assembly such as motor and MWD pressure drop. In addition, PBit is the pressure 
drop across the bit, PDC-OH is pressure loss in the drill collar/openhole annulus, 
PDP-OH is pressure loss in the drillpipe/openhole annulus, PDP-CSG is pressure loss 
in the drillpipe/casing annulus. Furthermore, PCH is the choke line friction and 
surface back pressure and PHD is the hydrostatic difference between annulus and 
drillstring. The bottomhole pressure (BHP) is the sum of annular hydrostatic 
pressure, annular pressure losses (APL), and surface back pressure (API RP13D, 
2010; Guo and Liu, 2011). The bottomhole pressure can be expressed as following:  
 𝑩𝑯𝑷 = ∆𝑷𝑫𝑪−𝑶𝑯 + ∆𝑷𝑫𝑷−𝑶𝑯 + ∆𝑷𝑫𝑷−𝑪𝑺𝑮 + ∆𝑷𝑪𝑯 + 𝑷𝑯𝒚𝒅−𝑨𝒏𝒏                              (𝟑. 𝟐) 
Where, PHyd-Ann is the hydrostatic pressure in the annulus. Therefore, by 
definition, using Equations 3.1 and 3.2, BHP is the sum of SPP and drillpipe 
hydrostatic pressure minus the drillstring friction. 
 𝑩𝑯𝑷 = 𝑺𝑷𝑷 − (∆𝑷𝑺 + ∆𝑷𝑫𝑷 + ∆𝑷𝑫𝑪+ ∆𝑷𝑩𝑯𝑨 + ∆𝑷𝑩𝒊𝒕) +  𝑷𝑯𝒚𝒅−𝑫𝑺                        (𝟑. 𝟑) 
Where, PHyd-DS is the hydrostatic pressure inside the drillstring. Hydrostatic 
pressure (Ph) depends on true vertical depth (TVD) and equivalent static mud 
density (ESD) under bottomhole conditions. However, frictional pressure losses 
depend on measured depth, fluid, and flow characteristics (Mitchell and Miska, 
2011). The mud hydrostatic pressure can be estimated with Equation 3.4. 
 𝑷𝒉 = 𝟎. 𝟎𝟓𝟐 𝒙 𝑬𝑺𝑫 𝒙 𝑻𝑽𝑫                                                                                         (𝟑. 𝟒) 
The mud density during circulation is expressed as the equivalent circulating 
density (ECD). ECD at the total depth is equivalent to extra annular pressure loss 
added to the bottomhole pressure as shown in equation 3.5 (API RP13D, 2010). 
 𝑬𝑪𝑫 = 𝑬𝑺𝑫 +  
𝑨𝑷𝑳
𝟎.𝟎𝟓𝟐 𝒙 𝑻𝑽𝑫
                                                                                         (𝟑. 𝟓) 
  
 36 
3.5. U-tube Model in Vertical and Horizontal Wells 
The mud displacement in a wellbore can be visualized as a U-tube model 
(Watson et al., 2003). Starting with the mud pump, the drillpipe and bottomhole 
assembly (BHA) are on one side and various annular sections ending with an 
adjustable choke are on the other side as shown in Figure 3.7. The drill bit is located 
at the mid-point that is the lowermost section at the borehole TVD for a vertical 
wellbore. Figure 3.8 represents an analogy between flat horizontal lateral, inclined 
downward, and inclined upward laterals and U-tube model. The well control 
objective is to keep the bottomhole circulating pressure constant by balancing the 
formation pressure throughout the well control operation. Thus, neither a secondary 
influx is allowed to kick into the wellbore, nor bottomhole pressures exceed the 
fracture gradient. 
 
Figure 3.7: Analogy between a shut-in vertical well (on left) and a U-tube model (on right). 
During a kick, with the BOP closed, surface pressure builds-up to equalize 
the formation pressure (Mitchell and Miska, 2011). Therefore, the shut-in bottomhole 
pressure (BHP) can be defined based on any of the u-tube sides as following: 
 𝑩𝑯𝑷 = 𝑺𝑰𝑫𝑷𝑷 + 𝟎. 𝟎𝟓𝟐 𝒙 𝑴𝑾 𝒙 𝑻𝑽𝑫                                                          (𝟑. 𝟔) 
 𝑩𝑯𝑷 = 𝑺𝑰𝑪𝑷 + 𝟎. 𝟎𝟓𝟐 𝒙 𝑴𝑾 𝒙 (𝑻𝑽𝑫 − 𝒉𝒊) + (𝒉𝒊𝒙𝒈𝒊)                            (𝟑. 𝟕) 




Figure 3.8: Analogy between shut-in flat horizontal well, inclined downward, and inclined upward 
laterals. 
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3.6. The Reduced Two-Stage Step-Down (R2SD) Model 
Basically, in well control, pump pressure on the left side of the U-tube is 
adjusted with the variable choke on the right side of the U-tube. While circulating a 
kick, pump pressure consists of two components. The static-head pressure 
component which is the backpressure introduced by the kill mud weight while 
balancing the formation pressure. This static-head increases linearly as a function 
of the true vertical depth (TVD). However, the dynamic-frictional pressure 
component is a linear function of the wellbore measured depth. The displacement 
of the old mud with a heaver mud density creates additional friction. In vertical wells, 
at slow pump rates, it is a common practice to neglect the annular pressure loss 
(APL) and assume dynamic-frictional pressure is linearly distributed inside the 
drillstring. Therefore, as shown as line 1 in Figure 3.9, while heavy mud displaces 
the drillstring, pump pressure is stepped-down from initial circulating pressure (ICP) 
to final circulating pressure (FCP). The following formulas can be used to determine 
kick circulation parameters in vertical wells (Lyons et al., 2012):  
 𝑲𝑴𝑾 = 𝑶𝑾𝑴 +
𝑺𝑰𝑫𝑷𝑷
𝟎.𝟎𝟓𝟐 𝒙 𝑻𝑽𝑫
                                                                    (𝟑. 𝟖) 
 𝑰𝑪𝑷 = 𝑺𝑰𝑫𝑷𝑷 + 𝑺𝑷𝑹𝑷                                                                            (𝟑. 𝟗) 
 𝑭𝑪𝑷 = 𝑺𝑷𝑹𝑷 𝒙 
𝑲𝑴𝑾
𝑶𝑴𝑾
                                                                             (𝟑. 𝟏𝟎) 
 ∆𝑷 𝟏𝟎𝟎⁄ 𝒔𝒕𝒓𝒐𝒌𝒆𝒔 =
(𝑰𝑪𝑷−𝑭𝑪𝑷)
𝑺𝑻𝑩
𝒙𝟏𝟎𝟎                                                    (𝟑. 𝟏𝟏) 
Applying equation 3.9 results in BHP overbalancing the formation pressure 
by an amount equivalent to the neglected APL. In fact, APL is a hidden built-in 
overbalance safety factor (Santos, 1991b; Watson et al., 2003). In cases where APL 
is high such as extended reach horizontal wells and slimhole drilling this assumption 
of negligible APL is invalid (Santos, 1991b; Choe et al., 2005). Therefore, the step-
down schedule needs to be re-evaluated, since high APL at slow pump rate creates 
additional challenges (Elshehabi, 2015; Elshehabi and Bilgesu, 2016). Santos 
(1991b) and Choe et al. (2005) proposed a computer generated step-down 
schedule, shown as line 2 in Figure 3.9. Applying this exact step-down is a challenge 
to the rig crew. 
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Figure 3.9: Pump pressure step-down approaches for vertical and horizontal wells.  
In fact, in horizontal wells, static-head backpressure does not change after 
the heavy mud reaches the TVD. Therefore, an approximated step-down schedule 
shown as line 3 in Figure 3.9 is proposed. This approximated step-down assumes 
that FCP is reached when the heavy mud reaches the TVD, then it is kept constant. 
Furthermore, in tight annulus cases such as drilling with casing or liner, pumping 
pressure should be reduced with an amount equivalent to the APL. This reduced 
two-stage step-down model (R2SD), shown as line 4, takes high APL and hole 
deviation into account. It starts with a reduced ICP (ICP’) and finishes with a reduced 
FCP (FCP’). When heavy mud reaches vertical annulus section, a backpressure on 
the wellbore is experienced with the remote choke fully open. At this point, a second-
stage pump rate step-down is considered to maintain the FCP constant at the end. 
Reducing the initial and final pump pressure can be formulated as following: 
 𝑰𝑪𝑷′ = 𝑺𝑰𝑫𝑷𝑷 + [𝑺𝑷𝑹𝑷 − 𝑨𝑷𝑳]                                                             (𝟑. 𝟏𝟐) 
 𝑰𝑪𝑷′ = 𝑺𝑰𝑫𝑷𝑷 + (∆𝑷𝑫𝑺 + ∆𝑷𝑩𝒊𝒕)                                                              (𝟑. 𝟏𝟑) 
 𝑭𝑪𝑷′ = [𝑺𝑷𝑹𝑷 − 𝑨𝑷𝑳] 𝒙 
𝑲𝑴𝑾
𝑶𝑴𝑾
                                                                 (𝟑. 𝟏𝟒) 
  𝑭𝑪𝑷′ = (∆𝑷𝑫𝑺 + ∆𝑷𝑩𝒊𝒕) 𝒙 
𝑲𝑴𝑾
𝑶𝑴𝑾
                                                                   (𝟑. 𝟏𝟓) 
 ∆𝑷 𝟏𝟎𝟎⁄ 𝒔𝒕𝒓𝒐𝒌𝒆𝒔 =
(𝑰𝑪𝑷′−𝑭𝑪𝑷′)
𝒔𝒕𝒓𝒐𝒌𝒆𝒔−𝒕𝒐−𝑻𝑽𝑫
𝒙𝟏𝟎𝟎                                                     (𝟑. 𝟏𝟔) 
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C H A P T E R  4 :  R E S U L T S  A N D  D I S C U S S I O N  
This chapter presents the results for hydraulics and well control study in 
unconventional shale laterals. This includes hydraulics results at normal drilling flow 
rates and at slow pump rates in inclined upward or downward laterals in addition to 
wells drilled with casing or liner string using water or oil based mud. Also, this chapter 
shows the results of well control complications due to well type, gas solubility in oil 
based mud, kicks while running casing/liner, and inclined upward/downward 
configuration.  
 
Part 1: Hydraulics Results  
4.1. Hydraulics Study in Marcellus Shale Lateral 
4.1.1. Hydraulics Model Verification 
Figure 4.1 illustrates the verification of the hydraulics model for MRC X1 
wellbore in the lateral section. The average measured flow rate was 450 gpm and 
pump pressure was linearly increasing with the drilled depth. Figure 4.1 compares 
the estimated pump pressure with the field recorded values and also shows drilling 
rate of penetration, mud properties and flow rate. The results show a direct impact 
of drilling rate and cuttings loading on pump pressure. The hydraulics model 
successfully estimated the standpipe pressure (SPP) with a regression coefficient 
R2 of 0.9738 as shown in Figure 4.2. For instance, at 9,000 ft the drilling rate of 
penetration decreased to 73 ft/hr; therefore, the model accurately predicted the 
pump pressure of 2,752 psi. This is consistent with the actual pump where the 
pressure decreased to 2,728 psi. In addition, at the total depth, the model estimated 
the pump pressure to be 3,760 psi compared to 3855 psi with an accuracy of -2.5%. 
This can be contributed to the uncertainty about the cuttings shape, size and 
concentration, the corresponding density, and plastic viscosity. This verified model 





Figure 4.1: Hydraulics model verification in Marcellus X1 lateral drilled in Monongalia county, WV in 
2015.  
 
Figure 4.2: Hydraulics model correlation in Marcellus X1 lateral drilled in Monongalia county, WV in 
2015.  
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4.1.2. Impact of Well Type on Pressure Profile 
Figure 4.3 shows circulating and hydrostatic pressure profiles for a horizontal 
well, a vertical well with the same TVD (short), and a vertical well with the same TD 
(long). The hydrostatic pressure is a function of mud density and total vertical depth. 
In vertical wells, hydrostatic pressure normally increases until it reaches the 
maximum at the bottomhole. However, in horizontal wells, the hydrostatic pressure 
does not change inside the lateral section unless there is a variation in the vertical 
depth between the heel and toe. By definition, pump (standpipe) pressure is the sum 
of the system frictional pressure losses, surface back pressure, and hydrostatic 
pressure imbalance between annulus and drillstring arising from cuttings loading 
(API RP13D, 2010).  
As shown in Figure 4.3, the circulating pressure profile starts at the surface 
with standpipe pressure, then it changes in response to hydrostatic pressure, friction 
losses variations. For instance, in the horizontal well at a flow rate of 460 gpm and 
ROP of 180 ft/hr, the surface pressure is 3,793 psi. Then, as hydrostatic pressure 
increases until it reaches the maximum at the lateral TVD, the circulating pressure 
increases to 8,067 psi. Then, it decreases because of the high BHA friction losses 
until it passes the drill bit. Therefore, the circulating pressure drops to 5,358 psi 
which is still higher than the hydrostatic pressure of 4,856 psi by a value equal to the 
APL of 502 psi. Then, circulating pressure decreases slightly inside the annulus of 
the lateral section. In the vertical annulus section, it decreases gradually to the 
atmospheric pressure as it travels to the surface.  
In contrast, Figure 4.3 illustrates that Equivalent Static Density (ESD) is 
decreasing with depth due to the impact of downhole pressure and temperature on 
the oil based mud properties. This observation is consistent with Mitchell and Miska 
(2011). Clearly, the bottomhole pressure is less in the horizontal well compared to 
the long vertical. However, the ECD is higher in the lateral section because the same 
APL (502 psi) occurs at a TVD of 7,500 ft in the horizontal well compared to 15,000 
ft in the long vertical well. 
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Figure 4.3: Pressure and ECD profiles in horizontal, short, and long vertical wells. 
 
4.1.3. Slow Pump Rate and Shut-in Pressure profiles  
It is a common practice to circulate kicks at a slow pump rate (SPR), between 
one-third and one-half of the normal drilling flow rate. A slow pump rate decreases 
annular friction loss and surface/downhole pressure fluctuations in response to 
choke adjustments. Also, it reduces the risk of pump break down and mechanical 
problems, and it enables better control over the instantaneous gas expansion at the 
choke manifold and mud/gas separator. This offers enough time to analyze surface 
pressure/volume measurements which leads to better judgment and wiser decisions 
(Watson et al., 2003). Slow pump rate pressure (SPRP) for each active pump on the 
drilling rig is recorded at two different slow rates periodically. The driller should 
record the SPRP at least once every work shift or every 500 ft drilled (Grace, 2003). 
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Figure 4.4 shows static and dynamic pressure profiles for MRC X1 well at 
100, 300, and 500 gpm flow rates. Obviously, the higher the pump rate, the higher 
the system friction including APL and the associated ECD values. For instance, at 
500 gpm, the pump pressure is 4,379 psi with an ECD of 13.75 ppg. However, when 
the flow rate reduces to 100 gpm, the pump pressure decreases to 692 psi with ECD 
of 13.22 ppg. Further, Figure 4.4 depicts that ECD decreases with depth as a result 
of the downhole pressure and temperature effect. Then, ECD increases in the lateral 
section it reaches the maximum at the bit because of the high friction and cutting 
concentration. 
 
Figure 4.4: Pressure and ECD profiles in MRCX1 at 100, 300, and 500 gpm flow rates. 
Figure 4.5 shows standpipe pressure, annulus pressure loss and their ratio 
at pump rates up to 500 gpm. Clearly, ECD increases from 13.22 ppg to 13.75 ppg 
at 500 gpm. However, at 500 gpm, APL represents 12% of the pump pressure; while 
at a very slow pump rate of 100 gpm, the APL accounts for 45% of the system friction 
losses.  
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It is common to neglect the APL at slow pump rates in vertical wells. However, 
in horizontal wells, APL represents a large portion of the system losses as seen in 
Figure 4.5. Neglecting APL on the surface can be considered as a safety factor 
added to the bottomhole pressure (Choe, 2001; Choe et al., 2005). Unless the 
neglection of APL jeopardizes wellbore integrity, the pump pressure should be 
reduced to account for APL particularly in wells with tight annulus (Elshehabi and 
Bilgesu, 2016).  
 
 
Figure 4.5: Standpipe pressure and annular pressure loss at slow pump rates in MRC X1. 
 
4.2. Hydraulics Results for Drilling with Casing and Liner  
4.2.1. Drilling with Casing/Liner in Water Based Mud 
Figure 4.6 provides ECD profiles at normal drilling flow rates up to 800 gpm 
in vertical, directional, and horizontal wells. These wells were drilled with different 
string configurations such as drillpipe, casing, and liner. A dramatic change in ECD 
is observed at pump rates above 500 gpm in directional well, and above 400 gpm in 
horizontal wells. The ECD curve shows 3 slopes that are attributed to the different 
flow regimes (laminar, transition and turbulent flow). With a tight annulus, as in 
drilling with casing/liner, ECD increases exponentially at higher flow rates compared 
to conventional drillpipe. A great advantage of drilling with casing/liner is the 
achievement of optimum hole cleaning at lower circulation rates.  
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It is essential to reduce the circulation rate to prevent excessive friction losses 
that jeopardize wellbore integrity and results in loss circulation in depleted zones. In 
DwC, the same annular velocity can be achieved at 50% of the conventional flow 
rate in DwP. In deviated wells, the higher the difference between the vertical and 




Figure 4.6: ECD profile for vertical, directional, and horizontal wells drilled with drillpipe, casing, and 
liner at normal drilling flow rates up to 800 gpm. 
Figure 4.7 through Figure 4.9 show pressure loss profiles inside the drillstring, 
at the bit, and in the annulus (APL). These figures include vertical, directional, and 
horizontal wells drilled with drillpipe, casing, and liner. In DwP, as shown in Figure 
4.7a, the APL is mostly lower than the drill bit and drillpipe pressure losses. 
However, the APL ratio increases at slower pump rates. For instance, at 60 spm, 
APL is 8%, while at 10 spm it is 41%. Meanwhile, in DwC, the APL is significantly 
greater than DwP and DwL (Figure 4.7c). Similarly, in directional and horizontal wells 
shown in Figure 4.8 and Figure 4.9, the APL in DwP is usually lower compared to 
DwC. In DwL at 60 spm, the APL increases from 20% to 25% to 42% in vertical, 
directional, and horizontal wells, respectively.  
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Furthermore, in DwP (Figure 4.9a) at 60 spm, the APL ratio is 12% and it can 
be safely neglected. In contrast, in DwC (Figure 4.9c), the APL at 60 spm is 49% of 
pump pressure and increases to 80% at 10 spm. Therefore, neglecting APL in 
pressure step-down calculations might lead to unexpected consequences. This 
highlights the need to adjust the pumping schedule taking APL into account 
(Elshehabi and Bilgesu, 2016). 
 
 
Figure 4.7: Pressure loss profiles inside the string, at bit and APL in a vertical well (a) drilled with 
pipes, (b) drilled with liner and (c) drilled with casing. 
 
Figure 4.8: Pressure loss profiles inside the string, at bit and APL in a directional well (a) drilled with 
pipes, (b) drilled with liner and (c) drilled with casing. 
 
Figure 4.9: Pressure loss profiles inside the string, at bit and APL in a horizontal well (a) drilled with 
pipes, (b) drilled with liner and (c) drilled with casing. 
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 Figure 4.10 through Figure 4.12 compare ECD profile and pressure loss ratio 
(R) studied at slow (kill) pump rates (up to 250 gpm). Results are given for vertical, 
directional, and horizontal wells drilled with drillpipe, liner and casing strings. R is 
the ratio of APL and pressure losses inside the drillstring excluding the drill bit losses.  
In conventional drillstring configuration, R is less than or equal to one; however, in 
DwC/DwL, R surges up to 12. Obviously, the higher the well deviation with a smaller 
annulus, the higher the ECD and R values. As an example, in a vertical well drilled 
with pipe at a slow pump rate of 60 spm (Figure 4.10), ECD is 12.2 ppg and R is 0.3. 
In a horizontal well drilled with casing at 60 spm (Figure 4.12), ECD is 13.8 ppg and 
R is 12. Even at slow pump rates, DwC/DwL are subjected to an inverse friction loss 
profile. Consequently, with DwC/DwL, high ECD and APL values necessitate 
adjustments to the pumping schedule (Elshehabi and Bilgesu, 2016). 
 
Figure 4.10: ECD profile and pressure loss ratio (R) at slow pump rates in a vertical well drilled with 
DwP, DwL, and DwC. 
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Figure 4.11: ECD profile and pressure loss ratio (R) at slow pump rates in a directional well drilled 
with DwP, DwL, and DwC. 
 
Figure 4.12: ECD profile and pressure loss ratio (R) at slow pump rates in a horizontal well drilled 
with DwP, DwL, and DwC. 
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4.2.2. Drilling with Casing/Liner in Oil Based Mud 
Figure 4.13 show the pressure loss profile in a horizontal well drilled with pipe, 
casing, and liner using oil based mud. At 60 spm, the APL accounts for 17% of the 
system friction in DwP (Figure 4.13a). However, the APL represents 54% in DwC as 
shown in Figure 4.13c and increases to 81% at 10 spm. In comparison to WBM 
shown in Figure 4.9, OBM represents higher APL at all flow rates because of the 
higher viscosity. Therefore, APL should not be neglected at slow pump rates. 
 
 
Figure 4.13: Pressure loss profiles inside the string, at bit and APL in horizontal well (a) drilled with 
pipes, (b) drilled with liner and (c) drilled with casing in OBM. 
Figure 4.14 compares the ECD profile and pressure loss ratio (R) at different 
slow pump rates. It is obvious that in DwC, the ECD progressively increases to 14.5 
ppg at 60 spm and applies an additional 2.5 ppg equivalent friction to the bottomhole. 
In contrast, the ECD increases slightly to 12.6 ppg in DwP at the same flow rate. 
Likewise, R increases to 9.4 in DwC at 60 spm while it is only 0.5 in DwP. Therefore, 
in DwC/DwL, hydraulics profile is inverted and APL is high and well control step-
down chart should consider the high APL. Based on this hydraulic result, pressure 
loss inside the drill string including bit pressure losses can be approximated as 
(133% x PBit) in DwL, or as (150% x PBit) in DwC. The approximated values can 
be used to calculate the R2SD model parameters in equations 3.13 and 3.15. 
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Figure 4.14: ECD profile and pressure loss ratio (R) at slow pump rates in horizontal wells. 
 
4.3. Hydraulics Results for Inclined Upward and Downward Laterals  
4.3.1. Pressure and ECD Profiles in Inclined Downward Lateral 
Figure 4.15 shows the impact of changing the pump flow rate on circulating 
pressure and ECD profiles in an inclined downward lateral. Obviously, reducing the 
pump rate significantly decreases the standpipe pressure, APL and ECD. For 
instance, standpipe pressure decreases form 4,377 psi at 500 gpm to 692 psi at 100 
gpm. Consequently, the APL reduces from 520 psi to 315 psi and the ECD 
decreases from 13.64 ppg to 13.15 ppg. Figure 4.16 illustrates the impact of flow 
rate on standpipe pressure and APL at 100% cutting transport ratio for the perfect 
hole cleaning condition. At 500 gpm, the APL represents 11.9% of the pump 
pressure; while at a very slow pump rate (100 gpm), the APL is 45.5% of the system 
friction losses. Therefore, at slow pump rates, the APL represents a significant ratio 
of system pressure losses and this should be considered in well control practices. 
 52 
 
Figure 4.15: Pressure and ECD profiles in an inclined downward at 100, 300, and 500 gpm flow 
rates. 
 
Figure 4.16: Standpipe pressure and annular pressure loss at slow pump rates in an inclined 
downward well. 
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4.3.2. Pressure and ECD Profiles in Inclined Upward Lateral 
Figure 4.17 demonstrates the impact of flow rate on circulating pressure and 
ECD in inclined upward laterals. Standpipe pressure decreases form 4,381 psi at 
500 gpm to 692 psi at 100 gpm. As a result, the APL decreases from 469 psi to 283 
psi and the ECD reduces from 13.83 ppg to 13.27 ppg when flow rate is reduced 
from 500 gpm to 100 pgm.   
 
Figure 4.17: Pressure and ECD profiles in inclined upward at 100, 300, and 500 gpm flow rates. 
 
Figure 4.18 shows the impact of flow rate on standpipe pressure and APL 
considering perfect hole cleaning conditions. The APL constitutes 10.7% of the 
pump pressure at 500 gpm. However, at a very slow pump rate (100 gpm), the APL 
ratio significantly increases to 40.9% of the system friction loss. This observation is 
consistent with the results of an inclined downward lateral (Figure 4.16). Therefore, 
well control operations should take APL into consideration to avoid fracturing the 
casing shoe during the kick circulation. 
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Figure 4.18: Standpipe pressure and annular pressure loss at slow pump rates in an inclined 
upward well. 
4.3.3. Comparison between Inclined Upward and Downward Laterals  
ECD and pressure profiles for 86o inclined downward, 90o flat horizontal, and 
94o inclined upward laterals are compared in Figure 4.19 at the flow rate of 460 gpm. 
In inclined downward lateral, the maximum TVD is at the toe. Therefore, the 
circulating pressure increases inside the lateral section until it reaches the maximum 
at the bit depth (Figure 4.19). ECD is higher in inclined upward lateral compared to 
the flat horizontal well, as the TVD at the toe is less than the TVD at the heel. In flat 
horizontal and upward laterals, APL value is 520 psi, but ECD is 13.73 ppg and 
13.84 ppg, respectively. Furthermore, Figure 4.19 shows that in a flat horizontal well 
the hydrostatic pressure is constant at the value of 4845 psi inside the lateral section. 
At the normal drilling flow rate 460 gpm, the standpipe pressure is 3811 psi. In 
inclined downward laterals, TVD is higher at the toe and hydrostatic pressure 
increases by 6.5% and standpipe pressure rises by 3.2% from toe to shoe. In 
addition, APL significantly increases by 21.9% while ECD increase 1.5% only. 
However, in inclined upward where the TVD is less than flat horizontal, hydrostatic 
pressure decreases by 6.5% and standpipe slightly changes by 0.1% from toe to 
shoe. Also, APL insignificantly changes by 0.4% while ECD increases by 0.7%. This 
is because cutting transport ratio (CTR) is 73.8% in inclined downward compared to 
83.9% in inclined upward at flow rate of 460 gpm (Figure 4.20). 
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Figure 4.19: ECD, hydrostatic and circulating pressure profiles in 86o inclined downward, 90o flat 
and 94o inclined upward laterals. 
 
Figure 4.20: Impact of flow rate on ECD and cutting transport ratio in inclined upward and 
downward laterals. 
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Figure 4.20 compares Equivalent Circulating Density (ECD) and Cutting 
Transport Ratio (CTR) in inclined upward with inclined downward laterals at flow 
rates up to 600 gpm. APL and associated ECD are higher in inclined downward 
lateral as a result of lower CTR compared to inclined upward laterals. This is mainly 
because of gravity associated cuttings accumulation on the bottomhole side at the 
toe. Obviously, higher the flow rate, higher the cutting transport ratio and lower the 
ECD in inclined downward. However, upon achieving the optimum hole cleaning, 
higher flow rates create excessive friction losses, and increase ECD.  
For instance, at no circulation and due to cuttings loading, the ECD at the 
bottomhole can reach a dangerous value of 21.3 ppg in inclined downward lateral 
since cutting settling velocity is 33.5 ft/min. In contrast, ECD is 12.5 ppg only in 
inclined upward lateral where cuttings settling velocity is 16 ft/min and cuttings 
accumulate at the heel. Further, in inclined upward lateral at a flow rate of 200 gpm, 
CTR is 67% and ECD is 13.22 ppg. In inclined downward lateral, CTR drops to 
46.3% therefore, ECD increases to 14.08 ppg. At the high flow rate of 500 gpm, CTR 
is more than 50% (85% in inclined upward and 75% in inclined downward), and ECD 
is around 13.9 ppg for both cases. Therefore, APL, associated ECD, and critical flow 
rate for proper hole cleaning are higher in inclined downward laterals compared to 
inclined upward laterals. 
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Part 2: Well Control Results  
4.4. Well Control Study in Marcellus Shale Lateral 
4.4.1. Impact of Well Type on Typical Surface Measurements 
Figure 4.21 compares the typical surface pressure measurements in a 
horizontal well with a vertical well with the same TVD using a kick size of 20 bbls 
circulated at a rate of 150 gpm. The vertical well ICP and FCP values were 836 and 
397 psi, respectively. In the horizontal well, because of the higher friction, the ICP is 
1,114 psi and the FCP is 525 psi. The kick circulation needs 8.2 hours in the 
horizontal well compared to 4.1 hours in the vertical well. In contrast, in a horizontal 
well, the choke experiences 16.5% less pressure than in a vertical well. Further, the 
maximum pit gain and gas flow rate are reduced significantly in the horizontal well 
by 27.9% and 44%, respectively. Meanwhile, in the horizontal well, gas bubbles 
trapped in the lateral section and the free gas expands only after it reaches the 
vertical section. 
 
Figure 4.21: Pump pressure, choke pressure and pit gain in a horizontal well and a vertical well with 
the same TVD with a 20 bbls gas kick circulated at 150 gpm. 
Choke pressure and pit gain are presented in Figure 4.22 for a horizontal 
well, a vertical well with the same TVD, and a vertical well with the same TD. Clearly, 
gas constantly expands in vertical well after it breaks out of solution at the bubble 
point. The maximum choke pressure increase is 166% greater in the long vertical 
well compared to the horizontal well due to the higher difference between 
bottomhole and surface conditions in the deeper well and with higher influx 
expansion rates greater by 169% compared to 137% in the horizontal well.  
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Gas discharge flow rate is 2.5 MMSCFD in the short vertical well compared 
to 1.4 MMSCFD in the horizontal well. In horizontal well, the change in choke and 
casing shoe pressure doesn’t start until the gas reaches the curve section and starts 
expanding. Therefore, the surface pressures and gas expansion rates are less in 
horizontal wells compared to vertical wells with the same TVD or TD as a result of 
gas dispersion and entrapment in lateral section compared to single slug expansion 
in vertical wells.   
 
Figure 4.22: Choke pressure and pit gain in a horizontal well, a vertical well with the same TVD, and 
a vertical well with the same TD with a 20 bbls gas kick circulated at 150 gpm. 
4.4.2. Impact of Well Type on Slow Pump Rate and Shut-in Pressure Profile 
The results shown in Figure 4.23 illustrates the typical static and dynamic 
pressure profiles experienced in a vertical well at a normal drilling flow rate of 460 
gpm. Also, it shows pressure profile at a slow pump rate of 150 gpm and shut-in 
conditions when a 20 bbls gas kick is received. The dynamic pressure profile 
consists of two components. First, the hydrostatic pressure component which 
increases linearly with the TVD. Second, the dynamic friction losses that depend on 
the tubular/wellbore configurations, mud properties, flow rate, and measured depth. 
Therefore, the dynamic downhole pressure profile inside the drillstring increases 
with depth until it reaches the BHA. Then, it decreases due to the high friction losses 
inside the BHA and at the bit. Moving forward in the annulus side, the pressure 
profile decreases until it reaches the surface with the atmospheric pressure 





Figure 4.23: Pressure profiles at drilling (460 gpm), slow pump rate (150 spm), and shut-in 
conditions in a vertical well with a 20 bbls gas kick. 
For instance, in the vertical well at 150 gpm, the pump pressure is 536 psi 
and APL is 194 psi compared to 2699 psi and 281 psi at the drilling flow rate of 460 
gpm. In addition, upon receiving a 20 bbls gas kick and closing the BOP, the 
corresponding SIDPP and SICP are 473 psi and 778 psi, respectively. According to 
Watson et al. (2003), the SICP is higher than SIDPP because of the occupied length 
of the less density gas influx in the annulus that results in less hydrostatic pressure.  
Figure 4.24 shows pressure profiles for MRC X1 horizontal well at a normal 
circulation rate of 460 gpm, slow pump rate of 150 gpm, and shut-in conditions. 
Along the downhole, the dynamic pressure profile shows the same behavior as in a 
vertical well (Figure 4.23) until it reaches the lateral section. Whereas, there is no 
significant change in TVD in the lateral section, the hydrostatic pressure is constant 
(Figure 4.24). Pump pressure decreases to 657 psi at 150 gpm compared to 3373 
psi at 460 gpm and the APL decreases from 520 psi to 333 psi. APL accounts for 
50% of the pump pressure at 150 gpm and this observation is consistent with the 
results shown in Figure 4.5. Unlike the vertical well, there is no difference between 
SICP and SIDPP of 650 psi for the horizontal well since the gas influx has 




Figure 4.24: Pressure profiles at drilling (460 gpm), slow pump rate (150 spm), and shut-in 
conditions in MRC X1 horizontal well with a 20 bbls gas kick. 
Regardless of the influx characteristics, SICP in horizontal wells is impacted 
only by the degree of underbalance between reservoir and hydrostatic pressures. 
Initially the dynamic bottomhole pressure overbalances the formation pressure until 
the kick is started. Then the reservoir pressure dominates the bottomhole conditions. 
After the well is shut-in and prior to kick circulation, the ICP and FCP are estimated 
to maintain the dynamic BHP by balancing the reservoir pressure at 5500 psi thru 
kick circulation. ICP and FCP are estimated as following:  
 𝑰𝑪𝑷 = 𝑺𝑰𝑫𝑷𝑷 + 𝑺𝑷𝑹𝑷 = 𝟔𝟓𝟎 + 𝟔𝟖𝟎 = 𝟏𝟑𝟑𝟎 𝒑𝒔𝒊                              (𝟒. 𝟏) 













4.5. Well Control Results in an Oil Based Mud 
The horizontal wellbore configuration shown in Figure 3.2 and Table 3.2 was 
used to investigate the impact of gas solubility in an oil based mud on well control 
operations. In this part of the study, an interactive real-time drilling and well control 
simulator is used for more than 500 hours. Figure 4.25 compares pressure values 
for circulating a 20 bbls gas kick with the Wait-and-Weight method at 40 spm using 
two different step-down approaches. A vertical well step-down (solid line #1) 
schedule is compared to an approximated horizontal well step-down (dotted line #2) 
schedule. The recorded SIDPP is 355 psi and the slow pump rate pressure is 565 
psi at 40 spm. For vertical step-down, FCP is reached when the heavy mud filled 
the entire drillstring and exit the bit after 2,614 strokes. However, in the 
approximated horizontal step-down, FCP is reached once the heavy mud reaches 
the kick-off point for the rest of the circulation times. Results in Figure 4.25 show that 
the assumption of using vertical well step-down schedule in horizontal wells is 
invalid. 
 
Figure 4.25: Impact of pressure step-down (SD) schedule on a 20 bbls gas kick circulated at 40 
spm using Wait-and-Weights method.  
 62 
The bottomhole pressure increases and reaches the maximum of 5,250 psi 
when the heavy mud is at the KOP and generates 180 psi extra backpressure. 
Basically, the pump pressure consists of two components: static-head and dynamic-
frictional pressures. The static-head provides hydrostatic balance with formation 
pressure which is a linear correlation with TVD. The dynamic-frictional pressure 
linearly increases with measured depth as the heavy mud weight creates higher 
friction losses (Grace, 2003). In vertical wells, TVD and measured depths are equal 
but in horizontal wells measured depth is greater than the vertical depth resulting in 
higher frictional pressures. In horizontal wells, the step-down schedule is dependent 
on the wellbore geometry (Santos, 1991b; Gjorv, 2003; Choe et al., 2005). 
Therefore, this study utilizes the approximated horizontal step-down to maintain the 
bottomhole pressure constant while the heavy mud is displacing the old mud. 
 
4.5.1. Impact of Well Control Method 
In comparing Driller’s and Wait-and-Weight methods in Figure 4.26 and 
Figure 4.27, it is obvious that surface and downhole pressures are slightly different. 
For Driller’s method with WBM, ICP of 945 psi was maintained for 3.15 hours, then 
pressure was stepped-down to FCP of 630 psi after 3.7 hours. The FCP was kept 
constant throughout the circulation time of 7.4 hours.  However, in Wait-and-Weight 
method less circulation time of 4.3 hours is needed and pressure step-down starts 
immediately. Likewise, Figure 4.27 compares the two well control methods in 
horizontal well drilled using OBM. Obviously, released gas at the bubble point after 
2.67 hours results in a higher choke pressure of 1,372 psi compared to 1,095 psi in 
WBM. The main advantage of applying the W&W method in vertical wells is to 
reduce downhole pressures by introducing the heavy mud to the wellbore before the 
influx is circulated out (Adams and Kuhlman, 1994; Grace, 2003; Watson et al., 
2003). However, unlike vertical wells, the merely advantage of applying W&W 
method in horizontal wells is to save the operation time. Therefore, the Driller’s 
method is preferred to limit the risk associated with gas migration during waiting 
times (Elshehabi and Bilgesu, 2015b; Guner et al., 2016). 
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Figure 4.26: A comparison between Driller’s and Wait-and-Weight for 20 bbls kick circulated at 40 
spm in WBM. 
 
Figure 4.27: A comparison between Driller’s and Wait-and-Weight for 20 bbls kick circulated at 40 
spm in OBM. 
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4.5.2. Impact of Kick Circulation Rate 
Figure 4.28 and Figure 4.29 show the impact of circulating the influx at slow 
pump rates of 20, 40 and 60 spm. Results illustrate that for the slowest pump rate 
of 20 spm, the pressures experienced at the pump, choke, and bottomhole are lower 
in comparison to the pump rate of 60 spm. In contrast, 60 spm requires less 
circulation time of 5.0 hrs versus 15.0 hrs at 20 spm. Bottomhole would experience 
slightly higher pressure of 5,137 psi at 60 spm versus 5,011 psi at 20 spm. Figure 
4.28 shows at 60 spm, even though the choke was fully open at the end, while the 
heavy mud was filling the annulus, the choke line friction was high enough to create 
back pressure on the wellbore. It is conduced that the pump rate of 40 spm (167 
gal/min) which is around 1/3 of some reported field rates of 500 gpm for horizontal 
sections is suitable to investigate gas kick behavior in oil based mud.  
Although the surface choke pressure change was insignificant, higher pump 
rates resulted in slightly higher ECDs, and casing shoe pressures. However, in slow 
pump rates, the slope of wellbore pressure increase due to gas liberation and 
expansion is lower than the slope observed for high pump rates (Figure 4.29). Choke 
operator can interact effectively at slow pump rate taking into account the choke 
delay time of 2 seconds per 1,000 ft. However, at very slow pump rates there is a 
risk of choke plugging or washout as a result of the extensive usage. 
Figure 4.30 and Table 4.1 summarize the surface and downhole pressure 
measurements at different pump rates such as the maximum ECD, BHP, choke, 
and casing shoe pressures. Obviously, higher the pump rate higher the surface and 
downhole pressures and shorter the circulation time. For instance, Table 4.1 shows 
that increasing the pump rate from 20 spm to 40 spm decreases the circulation time 








Figure 4.28: Impact of circulation rates of 20, 40, and 60 spm on pump and bottomhole pressures. 
 
Figure 4.29: Impact of circulation rates of 20, 40, and 60 spm on choke and casing shoe pressures. 
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Figure 4.30: Surface and downhole pressures comparison at 20, 40, and 60 spm for 20 bbls gas 
kick in OBM. 



































20 205 560 223 15.0 5,011 1,121 3,207 13.24 
40 565 920 613 7.5 5,084 1,133 3,221 13.43 
60 1,225 1,580 1,328 5.0 5,137 1,137 3,234 13.57 
 
4.5.3. Impact of Drilling Fluid Type 
In this part, gas kicks in WBM and OBM were compared. As a result of gas 
solubility in OBM, a gas kick with 2.5 times larger in size at downhole than the kick 
in WBM is studied using Driller’s and Wait-and-Weight methods. Figure 4.31 shows 
the observed pressures for the Driller’s method. In both cases with WBM and OBM, 
pumping schedule is the same and the bottomhole pressure is constant throughout 
the 7.5 hours of operation. The choke and casing pressures in WBM follows the 
typical kick behaviors in horizontal wells. In OBM, the casing shoe pressure change 
was insignificant as gas comes out of solution near the surface. The casing shoe 
pressure increases to its maximum value once the gas influx top reaches the shoe. 
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While the gas influx rises above shoe depth, the shoe pressure decreases. 
Once the influx is inside the casing, the casing shoe pressure will not change unless 
a heavier mud is circulated around the shoe. Furthermore, in OBM, choke pressure 
is less than in WBM case until the bubble point pressure is reached. Then, at the 
bubble point, the gas in solution is released and expansion rate is higher and choke 
pressure sharply increases to a higher value of 1,441 psi in OBM compared to 1,094 
psi in WBM. 
 
Figure 4.31: A comparison between gas kick in oil based and water based muds using Driller’s 
method at 40 spm. 
The Wait-and-Weight method was also investigated and the results are 
shown in Figure 4.32. This method needs only 4.5 hours of operation which saves 
40% time when compared to Driller’s method. The bottomhole pressure was kept 
constant by following the same modified step-down schedule. Moreover, the 
maximum choke pressure in OBM is 1,370 psi compared to 1,107 psi in WBM due 
to gas solubility. Therefore, Wait-and-Weight method is only effective in controlling 
gas kicks in WBM or OBM in horizontal wells when the heavy mud displaced the 




Figure 4.32: A comparison between gas kick in oil based and water based muds using Wait-and-
Weight method at 40 spm. 
 
4.5.4. Impact of the Degree of Gas Solubility in Oil Based Mud 
Several degrees of gas solubility in OBM and their impact on influx behavior 
were studied. Typically, it is hard to define the exact solubility value as many factors 
are affecting gas solubility in OBM such as pressure, temperature, gas gravity, solid 
content, and water/oil ratio (Silva et al., 2004; Ribeiro et al., 2006; Monteiro et al., 
2010). In all cases, the surface pit gain was kept constant at 20 bbls, while the 
downhole volume changed according to the degree of solubility. The ratio between 
OBM/WBM kick volumes at downhole conditions was defined as R and considered 
as an indicator of the solubility. In WBM gas kick reservoir volume was 14 bbls under 
downhole pressure and temperature conditions. Higher the ratio (R), higher the 
solubility of gas in the OBM. In contrast, higher the solubility lower the bubble point 
pressure with gas release closer to the surface. Table 4.2 and Figure 4.33show kicks 
circulated out of the hole using Driller’s method at 40 spm keeping the bottomhole 
pressure constant around 5,080 psi.  
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Table 4.2: Surface and downhole recorded data at different gas solubility values in OBM. 
OBM/WBM kick 















WBM 5,061 1,094 3,227 13.37 60.9 
1.0 5,079 1,133 3,235 13.42 65.5 
1.1 5,080 1,134 3,227 13.42 65.1 
1.2 5,080 1,136 3,222 13.42 65.3 
1.6 5,076 1,188 3,218 13.41 69.7 
2.5 5,089 1,372 3,233 13.44 82.7 
5.0 5,080 1,784 3,174 13.42 122.1 
 
 
Figure 4.33: Impact of gas solubility in OBM on the choke and casing shoe pressures. 
 
Gas solubility had a major impact on the choke pressure and pit gain 
particularly when the gas reached the surface. At the highest solubility value 
selected (R=5), the choke pressure elevated up to 163% and pit gain expanded up 
to 200% of WBM conditions.  
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Therefore, the choke might experience operational problems and mud gas 
separator should be sized properly to handle this increase in the gas volume. Figure 
4.34 show the previous graph (Figure 4.33) in a time expanded scale between one 
and four hours. The location “A” represents the gas entering the vertical section. 
Obviously, in WBM, the choke pressure started to rise earlier as the gas is in free 
phase. In contrast, in OBM at high solubility rates, the two phase flow acts more like 
liquid kicks and observed choke pressure values are lower. However, once the gas 
reaches the bubble point as shown as “B”, the choke pressure rapidly increases as 
gas is liberated. Once the top of gas is at the surface, the choke experiences its 
peak pressure. Then, the pressure will start decreasing as the gas is circulated out 
of the wellbore. The slope of the line defines how rapid the choke pressure is 
increasing or decreasing based on the gas size at the surface conditions.  
 
Figure 4.34: Impact of gas solubility in OBM on choke pressure when gas reaches the surface. 
 
4.5.5. Impact of Influx Fluid Type 
The behavior of water kick was compared to gas kick during drilling a 
horizontal well using OBM as shown in Figure 4.35 and Figure 4.36. Controlling the 
pump pressure is much harder while having a gas in the hole compared to water 
kick. For gas kick, casing shoe pressure is 3,233 psi and choke pressure is 1,372 
psi. These pressures are much higher compared to water kick where shoe pressure 
is 3,041 psi and choke pressure is 532 psi only. Furthermore, the pit gain when the 
gas kick reaches the choke is 82.7 bbls compared to 20 bbls when water kick 
reaches the choke since water is incompressible.  
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Figure 4.35: A comparison between water and gas kicks in an OBM using Driller’s method at 40 
spm. 
 
Figure 4.36: A comparison between water and gas kicks in an OBM using Wait-and-Weight method 
at 40 spm.  
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Wait-and-Weight method was conducted with water kick and results are 
shown in Figure 4.36. The influx type can be identified from the choke pressure as 
the water is incompressible and the choke pressure increases once the kick is in the 
vertical section then it levels up contrary to continuous increase in gas kicks. Then, 
choke pressure decreases while the kick is circulated out. Furthermore, it drops to 
zero once the kill mud reaches the surface. However, gas kick behavior in OBM is 
complicated due to gas solubility which is controlled by many parameters. 
Additionally, gas density is lower and it accumulates at the high side of horizontal 
section in particular inside caved and enlarged pockets. In inclined upward 
horizontal sections, gas has the tendency to migrate towards the end of well rather 
than to the vertical hole. Therefore, high annular velocity is required to flush these 
gas pockets (Elshehabi and Bilgesu, 2017).     
 
4.6. Well Control Results for Drilling with Casing and Liner 
4.6.1. Vertical Well Drilled with Casing/Liner 
In this part of the study, a gas influx size was kept constant at a surface 
volume of 20 bbls and the kill rate was selected as 40 spm. Table 4.3 lists SIDPP 
and shows that SICP is usually higher and depends on gas column height and the 
difference in mud and gas densities. For instance, in DwC, the gas kick occupies 
longer interval therefore, the SICP is 703 psi compared to 653 psi in DwP. Figure 
4.37 and Figure 4.38 show the vertical well step-down applied assuming that APL is 
neglected. Since APL is higher in DwC compared to DwP as discussed in the 
hydraulics results, BHP is higher in DwC even though ICP and FCP are lower. The 
small annular clearance requires less volume of mud to displace therefore, the 
circulation time for DwC is 2.78 hrs compared to 3.42 hrs in DwP (Table 4.3).  
 
Table 4.3: Surface and downhole measurements for DwP, DwL, and DwC in a vertical well 



























DwP 466 350 653 815 490 3.42 4,830 1,088 3,250 13.27 
DwL 443 345 695 780 440 3.15 4,866 1,087 3,448 13.37 
DwC 424 348 703 775 460 2.78 4,907 1,389 3,455 13.48 
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Figure 4.37: Pump and bottomhole pressures for a vertical well controlled with Driller’s method at 40 
spm. 
 
Figure 4.38: Choke and casing shoe pressures for a vertical well controlled with Driller’s method at 
40 spm. 
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At 40 spm, in DwP, filling the drillpipe with the heavy mud requires 0.5 hrs 
and displacing the entire annulus needs 1.46 hrs (Figure 4.37). However, due to the 
enlarged pipe diameter in DwC, 1.05 hrs are required to fill the drillpipe with the 
heavy mud. Also, it requires 0.83 hrs to displace the annular volume compared to 
1.46 hrs in DwP. This results in a complete displacement of gas influx from the 
wellbore before the drillstring is filled with heavy mud in DwC. Therefore, casing 
shoe pressure will not be minimized if the Wait-and-Weight method is applied. 
Driller’s method is preferred since a proper pressure step-down schedule can be 
verified with a constant casing pressure while filling the drillstring with heavy mud. 
Figure 4.38 indicates gas influx is twice in length in the tight annulus of DwC 
and reaches surface earlier. This results in higher surface choke and casing shoe 
pressures. In DwL, as a result of the string/hole configuration, the step-down slope 
changes at the liner hanger depth. Therefore, instead of applying the straight line 
step-down, the casing pressure was kept constant. Drilling with liner can be 
considered as an inverted tapered string where friction loss is not linearly distributed. 
Also, as gas moves from tight liner annulus to wider annular pipe section at the top 
of the liner, a sharp decrease in choke pressure is experienced as gas height 
decreases. This change in the influx high did not impact the casing shoe since the 
influx was already above the casing shoe (Figure 4.38). 
 
 
4.6.2. Directional Well Drilled with Casing/Liner 
An approximated step-down was tested in a directional well as shown in 
Figure 4.39 and Figure 4.40. This approximated step-down assumes the FCP can 
be reached at the TVD instead of the total depth. This assumption is based on the 
fact that BHP is highly impacted with the heavy mud back pressure that is a function 
of TVD. Nevertheless, the BHP increases slightly as the heavy mud introduces 
higher friction losses. ICP and FCP values are 815 psi and 490 psi, respectively and 
surface-to-surface strokes are 5,600 (2.33 hours). However, when same ICP and 
FCP values were used for the three wellbore assemblies, bottomhole pressure was 
higher in DwC as shown in Figure 4.39 and Table 4.4.  
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Figure 4.39: Pump and bottomhole pressures for a directional well controlled with Driller’s method at 
40 spm. 
 
Figure 4.40: Choke and casing shoe pressures for a directional well controlled with Driller’s method 
at 40 spm. 
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This is contributed to the high APL that was assumed neglected in the step-
down schedule, however, it is added to the BHP. In DwP, the approximated step-
down was successful in keeping constant BHP as verified by a constant casing 
pressure. In case of drilling with liner, a step-down with a two-slope line was 
predicted but a vertical well straight-line step-down was assumed for easiness. In 
DwL, results show that bottomhole was subjected to over-pressure with increased 
choke and casing shoe pressures while the heavy mud is circulated. This over-
pressure is followed with gradual pressure decrease. Choke and casing shoe 
pressures increased at higher rate after gas kick is circulated to the vertical section 
in the annulus.  
Table 4.4: Surface and downhole measurements for DwP, DwL, and DwC in a directional well 



























DwP 462 346 549 815 490 4.15 4,798 1,060 3,142 13.18 
DwL 439 347 582 790 480 3.8 4,911 1,080 3,218 13.49 
DwC 456 347 574 805 495 3.28 4,917 1,403 3,360 13.51 
 
4.6.3. Horizontal Well Drilled with Casing/Liner using WBM 
Based on the results discussed earlier for vertical and directional wells, the 
reduced two-stage step-down (R2SD) model was developed and applied for 
horizontal wells drilled with casing/liner. Figure 4.41 and Table 4.5 compare the 
conventional Driller’s method to the Driller’s method with R2SD model. The 
estimated values required for the R2SD model are shown in Table 4.5 for DwL/DwC 
drilled with WBM. As concluded in the hydraulics results the APL is very high in DwC 
and should not be neglected in step-down calculations. The following equations 
were used to approximate the reduced ICP (ICP’) and FCP (FCP’). 
DwC 𝐈𝑪𝑷′ (𝒑𝒔𝒊) ≈ 𝑺𝑰𝑫𝑷𝑷 + 𝟏. 𝟓 ∆𝑷𝑩𝒊𝒕                                                                  (𝟒. 𝟑) 
 𝐅𝑪𝑷′ (𝒑𝒔𝒊) ≈ 𝟏. 𝟓 ∆𝑷𝑩𝒊𝒕                                                                                    (𝟒. 𝟒) 
DwL 𝐈𝑪𝑷′ (𝒑𝒔𝒊) ≈ 𝑺𝑰𝑫𝑷𝑷 + 𝟏. 𝟑𝟑 ∆𝑷𝑩𝒊𝒕                                                               (𝟒. 𝟓)   
 𝐅𝑪𝑷′ (𝒑𝒔𝒊) ≈ 𝟏. 𝟑𝟑 ∆𝑷𝑩𝒊𝒕                                                                                 (𝟒. 𝟔) 
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Figure 4.41: Pump pressure comparison for a horizontal well using Driller’s method with conventional 
step-down and R2SD at 40 spm in WBM. 



























DwL 572 350 361 922 620 772 422 151 198 5,354 5,108 246 
DwC 606 350 362 956 657 724 374 232 283 5,511 5,136 375 
 
As shown in Figure 4.41, in DwC, the estimated ICP value was 956 psi; 
however, the R2SD model predicted ICP’ to be 724 psi. Therefore, once the pump 
is brought to the kill rate, the remote choke was opened to achieve the reduced ICP. 
Likewise, FCP was reduced to 374 psi instead of the estimated value of 657 psi. 
Also, the estimated ICP was 922 psi for DwL and the reduced ICP’ was 722 psi, and 
FCP was reduced to 422 psi instead of 620 psi. Obviously, R2SD model successfully 
reduced surface and downhole pressures. For instance, the values of ICP, FCP, 
and BHP were reduced by 232, 283, and 375 psi, respectively. When the kill mud 
reached the vertical section in the annulus, BHP experienced backpressure created 
by the choke line friction (Figure 4.41). To prevent over-pressurizing the wellbore, 
once the backpressure starts, the pump rate was slowly decreased until the heavy 
mud reached the surface. In DwC the pump rate was decreased from 40 to 23 spm 
(Table 4.6). The reduction in downhole/surface pressures due to R2SD model is 
shown in Figure 4.42 and Figure 4.43.  
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Figure 4.42:  Pump and bottomhole pressures for a horizontal well controlled with Driller’s method 
at 40 spm in WBM. 
 
Figure 4.43: Choke and casing shoe pressures for a horizontal well controlled with Driller’s method 
at 40 spm in WBM. 
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Table 4.6: Surface and downhole measurements for DwP, DwL, and DwC in a horizontal well drilled 
with WBM and controlled with Driller’s method at 40 spm. 
Horizontal 
Well-WBM 
















DwP 940 630 7.44 5,061 1,095 3,227 13.37 40 
DwL 775 425 6.75 5,108 996 3,052 13.5 32 
DwC 710 370 5.84 5,136 1,289 3,272 13.65 23 
 
As shown in Figure 4.42, the ICP’ was kept constant in the first circulation. 
Then, the first pressure step-down was applied by decreasing the pump pressure to 
FCP’ when the heavy mud reached the TVD. This was verified by monitoring a 
constant casing pressure. Then, FCP’ was kept constant while the heavy mud was 
displacing the lateral section. Once the backpressure started, the second pump rate 
step-down was applied by slowly decreasing the pump speed. Decreasing the pump 
rate while backpressure was experienced maintained FCP constant and 
consequently eliminated BHP from over-pressurizing. The benefit of R2SD model 
was verified by keeping constant BHP throughout the kick circulation. Figure 4.43 
shows that casing shoe and choke pressures were constant while the gas influx was 
circulated out of the lateral section. Once the influx reaches the vertical section, a 
sharp pressure increase on choke and later on casing shoe were experienced.  
 
4.6.4. Horizontal Well Drilled with Casing/Liner using OBM 
The impact of gas solubility in oil based mud is studied in wells drilled with 
casing/liner and is compared to wells drilled with pipes.  In the case of DwC, at the 
kill rate (40 spm), ICP was estimated to be 971 psi; however, R2SD model predicted 
ICP’ to be 724 psi as shown in Figure 4.44 and Table 4.7. Also, the FCP was 
reduced from 673 psi to 374 psi that successfully reduced the values of ICP, FCP, 
and BHP by 247, 299, 403 psi, respectively. Furthermore, BHP, casing shoe, and 
choke pressures experienced a sharp backpressure increase once the influx 
reached the vertical section. BHP increased to 5,144 psi in the case of DwC, and 
5,114 psi in DwL. To prevent over-pressurizing the wellbore, once the backpressure 
started, the pump rate is slowly decreased. For instance, in DwC the pump rate was 
decreased from 40 to 25 spm and 32 spm in DwL (Table 4.8).  
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Figure 4.44: Pump pressure comparison for a horizontal well using Driller’s method at 40 spm OBM. 


























DwL 574 350 362 924 622 772 422 153 200 5,365 5,114 251 
DwC 621 350 362 971 673 724 374 247 299 5,547 5,144 403 
 
The application of R2SD method in reducing downhole/surface pressures is 
shown in Figure 4.45 and Figure 4.46 for DwL and DwC. The ICP’ was kept constant 
in the first circulation then, pump pressure was stepped-down to FCP’ when the 
heavy mud reaches the TVD. This step-down chart was verified by monitoring a 
constant casing pressure since all the gas was circulated out of the hole. FCP’ was 
kept constant while the heavy mud was displacing the lateral and vertical sections. 
Once the backpressure started in the vertical annulus, the second pump rate step-
down was applied by slowly decreasing the pump speed. The results show that the 
decreasing of pump rate while backpressure was experienced maintained FCP’ 
constant and consequently eliminated BHP from over-pressurizing. R2SD method 
was verified by keeping constant BHP throughout the well control operation. Figure 
4.46 shows that casing shoe and choke pressures were constant while the gas influx 
was circulated out of the lateral section. Once the influx reaches the bubble point 
pressure in the vertical annulus section, a sharp pressure increase on choke and 
later on casing shoe were experienced.  
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Figure 4.45: Pump and bottomhole pressures for a horizontal well drilled with DwP, DwL and DwC 
and controlled with R2SD model in OBM. 
 
Figure 4.46: Choke and casing shoe pressures for a horizontal well drilled with DwP, DwL and DwC 
and controlled with R2SD model in OBM. 
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Table 4.8 Surface and downhole measurements for DwP, DwL, and DwC in horizontal well drilled 
with OBM and controlled with Driller’s method at 40 spm 
Horizontal Well-
OBM 










DwP 940 620 7.50 5,088 1,372 3,233 13.44 40 
DwL 775 425 6.75 5,114 1,481 3,172 13.51 32 
DwC 725 375 5.92 5,144 1,840 3,405 13.7 25 
 
For the same kick size (20 bbls), the final gas volume was 112 bbls in OBM 
compared to 68 in WBM as show in Figure 4.47. In DwC/DwL, influx height can be 
several fold longer and kick reaches surface earlier and creates higher choke and 
casing shoe pressures. At bubble point, dissolved gas unexpectedly released from 
solution and resulted in higher pit deviation, and high surface choke and casing shoe 
pressures. Frequent choke adjustments are required to shield the casing shoe from 
intense changes in wellbore pressure when gas is liberated. For instance, Figure 
4.47 shows that the choke pressure experienced additional 550 psi in OBM where 
the pressure is 1,840 psi in OBM compared to 1,290 psi in WBM. 
 
Figure 4.47: Comparison OBM and WBM in DwC 2SD Horizontal well. 
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Figures A.1 through A.6 shown in the Appendix A represent the results of 
vertical, directional and horizontal wells drilled with pipes/casing/liner. Figures A.1 
and A.2 compare vertical, directional, and horizontal wells drilled with pipes. Figures 
A.3 and A.4 shows results for DwL. Figures A.5 and A.6 show results for DwC. 
Horizontal wells required higher pumping pressures for longer times. In vertical 
wells, gas starts expansion immediately after passing the BHA section; however, in 
horizontal wells there is no change in choke pressure until gas reaches vertical 
section. In the case of DwC/DwL the R2SD model kept the BHP in horizontal wells 
in the same range as vertical wells and resulted in less choke and shoe pressures. 
 
4.7. Well Control in Inclined Upward/Downward Laterals  
4.7.1. Impact of Kick Location  
Also, the study evaluated kick experienced at shallow, middle and deep 
zones in the lateral section in inclined upward/downward laterals utilizing a dynamic 
well control simulator. Figure 4.48 shows choke pressure and pit gain for an inclined 
downward lateral with the kick size of 20 bbls encountered at the entry point of the 
lateral section (heel), mid-way to the end, and at the total depth (toe). It is clear that 
longer times are needed to circulate deeper kicks. For instance, 8.1 hours are 
required to circulate the kick at the toe compared to 4.4 hours for the heel kick (Table 
4.9). Table 4.9 illustrates that deeper the wellbore, higher the system friction losses, 
and higher the ICP, FCP and BHP.  
Figure 4.48 shows that the choke pressure and consequently the casing shoe 
pressure are higher in heel kicks, due to the continuous gas expansion after passing 
the BHA. The gas influx expanded 174% in the heel kick compared to 136% only in 
the toe kick. This behavior is contributed to the dispersed gas bubbles that are 
trapped by mud yield properties. In deeper kicks, when gas reaches the vertical 
section, wellbore pressure increases and free gas dissolves in oil based mud 
therefore, the surface pit gain decreases. At the bubble point, gas breaks out of 
solution near the surface and expands continuously until it reaches the choke. 
Figure 4.49 shows the unique behavior of gas kick in inclined upward lateral when 
the same size kick encountered at the heel, mid-way, and at the toe.    
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Figure 4.48: Choke pressure and pit gain at heel, midway, and toe in inclined downward lateral. 
 
Figure 4.49: Choke pressure and pit gain at heel, midway, and toe in inclined upward lateral. 
Table 4.9: Surface and down-hole recorded data for different kick locations in inclined downward, 






















Heel 4.4 854 413 2.27 5,383 2,011 821 
Mid-way 6.3 1,008 484 1.75 5,641 1,954 773 
Toe 8.1 1,134 524 1.29 5,889 1,889 708 
Flat 
Horizontal 
Heel 4.3 851 413 2.31 5,379 2,009 820 
Mid-way 6.27 999 485 1.84 5,467 1,951 774 
Toe 8.1 1,114 525 1.32 5,545 1,883 696 
Inclined 
Upward 
Heel 4.36 851 413 2.27 5,379 2,010 820 
Mid-way 10.26 963 455 0.98 5,319 1,838 611 
Toe 13 1,099 525 0.65 5,265 1,789 483 
 
When the results shown in Figure 4.48 and Figure 4.49 are compared, it is 
seen that longer times are needed to circulate the same size of the kick in inclined 
upward laterals. For instance, a 20 barrels kick encountered at the toe required 13 
hours in upward lateral compared to 8.1 hours for toe-down lateral (Table 4.9).  
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Figure 4.49 shows that the choke pressure and consequently the casing shoe 
pressure are much higher in the heel kick due to continuous gas expansion. The 
gas expanded 174% in the heel kick compared to 104 % in the toe kick due to gas 
tendency to migrate to the toe in the opposite direction of the mud flow. Dispersed 
and entrapped gas bubbles by mud yield point contribute to this behavior in 
comparison to slug flow in inclined downward laterals. Thus, inclined upward lateral 
experienced less surface pressures and volumes compared to downward lateral. 
However, kicks in toe-up laterals required longer circulation times to flush out all the 
trapped gas bubbles.    
Figure 4.50 compares surface and downhole pressures for inclined upward, 
inclined downward, and flat horizontal laterals. Closer the kick to the vertical section, 
less the circulation time, but higher the expansion rate, choke, and casing shoe 
pressures. Although, inclined upward experienced less wellbore and surface 
pressures for the same size kick, it needed extended circulation times. For example, 
compared to inclined downward, choke pressure was 32% less, shoe pressure was 
5% less, bottomhole pressure was 11% less, and gas expansion was 23% less, 
however, the circulation time was 60% higher. Therefore, higher the TVD difference, 
higher the deviation in behavior between heel  and toe kicks in toe-up/toe-down 
laterals.  
 
Figure 4.50: Surface and bottomhole pressures at heel, midway, and toe in inclined 
upward/downward laterals. 
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4.7.2. Impact of Influx Size 
Five kick sizes are examined to investigate the impact of early kick detection. 
The slower the crew in detecting a kick and closing the BOP, higher the pit gain. 
Figure 4.51 shows choke pressure and pit gain for an inclined downward lateral with 
influx size for the range of 10 to 80 bbls. Clearly, higher the kick size, higher the gas 
flow rate, pit gain, choke, and shoe pressures as shown in Table 4.10. For instance, 
choke pressure increases to 1,529 psi at 80 bbls in comparison to 511 psi at 10 bbls. 
The highest gas discharge rate was 3.61 MMSCFD at 80 bbls. All gas kick sizes 
were circulated out in 3.5 hours, while the total circulation time was 8.2 hours. Even 
though the same ICP and FCP pressures were used to keep the BHP constant, 
higher kick sizes resulted in higher pit gain and surface pressure. It is interesting to 
note that, in inclined upward lateral shown in Figure 4.52, 80 bbls kick required 15.7 
hours in comparison to 3.5 hours in inclined downward (Figure 4.51).  
 
Figure 4.51: Choke pressure and pit gain comparison in an inclined downward at different kick 
sizes. 
 
Figure 4.52: Choke pressure and pit gain comparison in an inclined upward at different kick sizes. 
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Table 4.10: Surface and down-hole recorded data for different kick sizes in inclined downward, flat 
horizontal, and inclined upward wells. 


















10 bbls 8.1 1,130 524 0.77 5,886 1,794 511 
20 bbls 8.2 1,134 524 1.28 5,889 1,901 708 
40 bbls 8.2 1,132 525 2.06 5,888 2,176 1,009 
60 bbls 8.3 1,133 525 2.62 5,889 2,382 1,256 
80 bbls 8.3 1,135 525 3.61 5,891 2,617 1,529 
Flat 
Horizontal 
10 bbls 8.1 1,114 524 0.75 5,545 1,172 489 
20 bbls 8.2 1,114 525 1.32 5,545 1,883 696 
40 bbls 8.2 1,114 525 2.35 5,545 2,187 1,018 
60 bbls 8.3 1,114 526 3.26 5,546 2,444 1,278 
80 bbls 8.3 1,114 526 4.02 5,546 2,655 1,139 
Inclined 
Upward 
10 bbls 8.5 1,099 524 0.69 5,265 1,752 464 
20 bbls 13.3 1,094 525 0.74 5,260 1,791 501 
40 bbls 15.7 1,021 445 0.59 5,261 1,807 506 
60 bbls 17.9 1,024 444 0.67 5,263 1,850 563 
80 bbls 20.4 1,015 436 0.84 5,254 1,900 644 
 
In contrast to inclined downward lateral, in inclined upward lateral, higher was 
the kick size, longer the circulation times. The associated pressures are shown in 
Table 4.10 for both laterals. For instance, choke pressure increases to 644 psi at 80 
bbls compared to 464 psi at 10 bbls for inclined upward lateral. Figure 4.53 
compares pump and choke pressures for 20 and 40 bbls kick in inclined downward 
and upward laterals. The first circulation of the Driller’s method required 3.6 hours 
in inclined downward, while it needed 11.13 hours in inclined upward with 40 bbls 
kick. Noticeably, larger kick sizes resulted in higher pit gain, flow rate, choke and 
shoe pressures in inclined downward. In inclined upward higher kick size needed 
longer times to be flushed with less surface impact. For instance, 40 bbls kick 
expanded 124% in inclined downward, but it expanded only by 104% in inclined 
upward as shown in Figure 4.54.  
Choke pressure increased by 143% in inclined downward lateral, however it 
insignificantly changed in upward lateral to 101% (Figure 4.53). Gas flushed as a 
single slug in inclined downward. However, in toe-up laterals, dispersed gas bubbles 
reached the surface in two major waves. The first wave was high in magnitude than 
 a second wave of gas that flushed out all the remaining dispersed bubbles towards 
the end of circulation.  
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For instance, in toe-down, when a 40 bbls gas reached the surface, the 
maximum flow rate was 2.4 MMSCFD and discharge time was 1.4 hours. However, 
in inclined upward first gas wave reached the surface with 0.6 MMSCFD rate. Then, 
after 8.4 hours of gas discharge, the second wave approached the choke with a flow 
rate of 0.4 MMSCFD (Figure 4.54). 
 
Figure 4.53: Pump and choke pressure or 20 and 40 bbls in upward/downward lateral. 
 
Figure 4.54: Pit gain and flow rate for 20 and 40 bbls in upward/downward lateral. 
Figure 4.55 compares five kick sizes of 10, 20, 40, 60, and 80 bbls in inclined 
downward, flat horizontal, and upward laterals. To keep constant bottomhole 
pressure, initial and final circulating pressures were kept at the same value. 
However, in inclined downward and inclined upward laterals, when the influx size 
increased to 80 bbls, maximum choke pressure increased by 299% and 139%, at 
the same time, casing shoe pressure increased to 146% and 108%, respectively. 
Even though, all influx sizes required 8.2 hours in toe-down lateral, the circulation 
time for 80 bbls increased by 240% in inclined upward. Gas flow rate increased by 
369% in downward compared to 22% in upward lateral. 
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Figure 4.55: Surface and bottomhole pressures comparison at different kick sizes in inclined 
upward/downward laterals. 
The results of kick size study highlights the importance of crew awareness of 
early kick detection techniques to avoid exceeding of kick tolerance and maximum 
allowable annular surface pressure (MAASP) and risking well integrity. Therefore, 
kick size highly influences surface pressures and volumes in inclined downward, but 
only impacts circulation time in inclined upward.  
 
4.7.3. Impact of Kick Circulation Rate 
The impact of kick circulation rate on surface and bottomhole pressures and 
volumes was studied and the results are presented in this section. Figure 4.56 and 
Figure 4.57 show that for the slowest pump rate of 50 gpm the pressure experienced 
at the pump, choke and bottomhole were less. Longer circulation times were 
required for the highest circulation rate of 250 gpm. Table 4.11 shows that for 
inclined downward lateral, 250 gpm flow rate required 5.0 hours in comparison to 
24.3 hours at 50 gpm. This resulted in increase of ICP from 852 to 1,540 psi. Also, 
FCP increased from 290 to 922 psi. Even though, in inclined upward, 250 gpm 
required 5.2 hours, 50 gpm needed an extended circulation time of 32.9 hours. 




Figure 4.56: Effect of flow rate on choke pressure and pit gain in an inclined downward lateral. 
 
Figure 4.57: Effect of flow rate on choke pressure and pit gain in inclined upward lateral. 
Table 4.11: Surface and down-hole recorded data for different circulation rates in inclined 



















50 gpm 24.3 852 290 0.33 5,822 1,874 581 
100 gpm 12.2 974 385 0.75 5,856 1,878 655 
150 gpm 8.2 1,134 524 1.28 5,889 1,902 708 
200 gpm 6.2 1,320 701 1.88 5,915 1,944 748 
250 gpm 5.0 1,540 922 2.55 5,941 1,973 779 
Flat 
Horizontal 
50 gpm 24.1 834 289 0.33 5,480 1,838 578 
100 gpm 12.1 957 386 0.79 5,515 1,858 637 
150 gpm 8.1 1,114 525 1.31 5,545 1,883 696 
200 gpm 6.1 1,302 703 1.92 5,573 1,916 732 
250 gpm 4.9 1,523 925 2.28 5,600 1,901 694 
Inclined 
Upward 
50 gpm 32.9 821 288 0.17 5,203 1,785 479 
100 gpm 18.9 936 386 0.45 5,229 1,782 475 
150 gpm 13.3 1,094 525 0.72 5,260 1,791 499 
200 gpm 10.2 1,288 704 1.18 5,294 1,820 546 
250 gpm 5.2 1,509 928 2.07 5,320 1,892 670 
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Figure 4.58 and Figure 4.59 compare inclined upward/downward laterals at 
50 and 100 gpm kick circulation rates. Clearly, higher the circulation rate, higher the 
wellbore frictional losses and lower the circulation time. For inclined downward 
lateral, 100 gpm circulation rate needed 50% less time (from 24.3 to 12.2 hours) in 
comparison to 50 gpm. This rate change resulted in 14% increase in ICP (from 852 
to 974 psi) and 33% increase in FCP (from 290 to 385 psi) with an average BHP of 
5,840 psi. In the case of inclined upward lateral, 100 gpm required 115% less time 
(from 32.9 to 18.9 hours). This rate change resulted in 12% increase in ICP (from 
821 to 936 psi), 25% increase in FCP (from 288 to 386 psi) with an average BHP of 
5,216 psi. In inclined downward lateral at 100 gpm, choke pressure increased from 
581 to 655 psi. In inclined upward lateral, gas flow rate increased from 0.17 to 0.45 
MMDCFD, while in inclined downward lateral it increased from 0.33 MMSCFD to 
0.75 MMSCFD as shown in Figure 4.59. 
 
Figure 4.58: Pump and choke pressures at 50 and 100 gpm flow rate in upward/downward lateral.  
 
Figure 4.59: Pit gain and flow rate at 50 and 100 gpm flow rate in upward/downward lateral. 
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Figure 4.60 compares five kick circulation rates for a range of 50 to 250 gpm 
in inclined upward, inclined downward and flat horizontal laterals. Circulating a kick 
at a flow rate of 250 gpm of 50 gpminstead   required 84% less time (5.5 hours 
compared to 32.9 hours) in an inclined upward lateral. Despite keeping BHP 
constant, ICP and FCP progressively increased at a higher rate due to larger friction 
losses. For example, ICP was 1,540 psi at 250 gpm compared to 852 psi at 50 gpm 
in the inclined downward lateral. Likewise, ICP increased to 1,509 psi compared to 
852 psi in the inclined upward lateral. However, higher impact was noticed on FCP 
as it increased from 290 to 922 psi in the inclined downward lateral and from 288 to 
928 psi in the inclined upward lateral.  
At slow pump rates, the slope of choke pressure ascent was lower as a result 
of less gas liberation and expansion when compared to the slope observed at high 
pump rates. Slug flow pattern dominated at high pump rates (250 gpm) enabling 
efficient gas circulation with less time. Nonetheless, gas expanded at a higher rate 
at the surface and resulted in higher choke and casing shoe pressures. The 
extended circulation time needed in upward laterals dispute the earlier claims of 
Santos (1991a), Choe  (2001), and Watson et al. (2003) that circulation time is a 
function of pump rate only. For example, if the pump rate is decreased from 100 to 
50 gpm, the circulation time needed at 50 gpm would be twice the value at 100 gpm. 
 
 
Figure 4.60: Surface and bottomhole pressures at different flow rates in inclined upward/downward 
laterals. 
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4.8. Marcellus and Utica shales Comparative Study and Sensitivity Analysis 
4.8.1. Impact of Wellbore Profile 
The impact of inclination angle of lateral section was investigated in Marcellus 
(MRC) and compared to Utica (UTC) shale drilled with WBM. This study considered 
an influx volume of 20 bbls and a circulation rate of 200 gpm. As shown in Figure 
4.61 and Table 4.12, in inclined upward lateral, higher circulation rates and longer 
time were required to flush out the dispersed gas bubbles completely. Upon 
circulating the gas, the surface pit gain was less due to the dispersed gas bubbles 
trapped in mud by yield stress that increased mud compressibility. Figure 4.61 also 
shows that in Utica shale with higher reservoir pressure and temperature, kick 
circulations resulted with higher wellbore and surface pressures. For inclined 
downward laterals (inclination angle 88o) gas migrated in slug flow pattern and 
continuously expanded and reached the surface faster. This resulted in higher pit 
gain and discharge rates. Conversely, in inclined upward profiles (inclination angle 
92o), gas tended to migrate towards the end of the well (toe) and accumulated in 
high side pockets. 
 
 
Figure 4.61: Impact of wellbore profile on choke pressure and pit gain in MRC and UTC drilled with 
WBM. 
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Table 4.12: Surface and down-hole recorded data for inclined upward and downward in Marcellus 




















Inc. 88 6.2 2.59 5,509 1,999 830 
Inc. 92 6.9 1.32 5,171 1,865 650 
Marcellus 
OBM 
Inc. 88 6.4 2.31 5,685 1,802 642 
Inc. 92 6.6 1.76 5,346 1,804 617 
Utica WBM 
Inc. 88 6.2 2.68 7,277 2,375 963 
Inc. 92 6.7 1.53 6,947 2,273 807 
Utica OBM 
Inc. 88 6.4 2.08 7,474 2,198 772 
Inc. 92 6.5 2.00 7,125 2,174 743 
 
Figure 4.62 compares pressure responses for Marcellus and Utica wells 
drilled with WBM and OBM. Choke and casing shoe pressures were higher in Utica 
inclined downward laterals drilled with WBM when compared to Marcellus inclined 
upward laterals drilled with OBM. The maximum gas surface flow rate while gas was 
circulated out was 2.68 MMSCFD in Utica well due to gas solubility and dispersion 
and the surface/downhole kick volume ratio was 2.1. The inclined downward lateral 
experienced higher surface and downhole pressures as well as higher gas 
expansion rates. 
 




4.8.2. Impact of Well Control Method 
The results of Wait-and-Weight method (W&W) are compared to the Driller’s 
method as shown in Figure 4.63 and Table 4.13. While W&W method saved 60% 
of operation time, the maximum surface and downhole pressures were slightly less 
than Driller’s method. W&W was effective only when heavy mud reached the 
annulus vertical section and perhaps in horizontal wells the influx was already 
circulated out. In Utica lateral drilled with WBM, W&W method resulted in a choke 
pressure of 1,144 psi compared to 1,166 psi using Driller’s method. In OBM, choke 
pressure was higher in W&W method due to higher bottomhole pressure. During 
new mud preparation time, gas migration will increase wellbore and surface 
pressures with a risk of exceeding shoe strength (Elshehabi and Bilgesu, 2015b).  
 
 
Figure 4.63: Impact of well control method on downhole and surface pressures in MRC and UTC. 
Figure 4.64 shows that when WBM was used, the influx was circulated with 
slightly different surface and downhole pressures. However, in OBM with gas 
solubility and higher bottomhole pressure, the choke and casing shoe pressures 
were higher in W&W method. The maximum gas discharge rate was 2.4 MMSCFD 
in Utica well drilled with OBM and circulated using W&W and volume ratio was 1.1. 
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Table 4.13: Surface and down-hole recorded data for Driller’s and Wait-and-Weight methods in 





















Marcellus WBM Driller's 6.2 2.95 5,687 2,185 1,002 
W&W 2.7 2.92 5,670 2,165 985 
Marcellus OBM Driller's 6.4 1.97 5,685 1,800 647 
W&W 2.8 1.95 6,134 2,240 992 
Utica WBM Driller's 6.2 3.14 7,497 2,604 1,166 
W&W 2.7 3.11 7,472 2,580 1,144 
Utica OBM Driller's 6.4 2.08 7,474 2,200 771 
W&W 2.8 2.37 7,905 2,600 1,092 
 
 
Figure 4.64: Comparison of pressures for Marcellus and Utica wells circulated with Driller’s and 
W&W methods. 
4.8.3. Impact of Drilling Fluid Type 
In WBM, slug flow pattern dominated and gas continuously expanded in 
vertical section and it reached surface faster in Marcellus well. This resulted in a 
higher surface/downhole volume ratio of 2.1 and a higher influx discharge rate of 2.6 
MMSCFD as shown in Figure 4.65 and Table 4.14. In OBM gas dissolved in solution 
and dispersed bubble flow was dominant. However, the free gas kicks in WBM 
significantly reduced mud density compared to dissolved gas kicks in OBM. While 
gas was circulated towards the curve section, the pressure increased and more gas 
dissolved, and choke and pit gain decreased.  
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Once free gas moved into the vertical section it expanded and choke 
pressure increased, and at the bubble point the gas in solution was released and 
expanded quickly. In contrast to conservative single flow results previously 
published (Elshehabi and Bilgesu, 2015a), gas kick in OBM resulted in lower 
circulating pressures compared to WBM.      
 
 
Figure 4.65: Impact of drilling fluid type on choke pressure and pit gain in MRC and UTC. 



















Marcellus WBM WBM 6.2 2.59 5,506 2,000 830 
Marcellus OBM OBM 6.4 1.83 5,684 1,803 643 
Utica WBM WBM 6.2 2.80 7,276 2,379 963 
Utica OBM OBM 6.4 2.08 7,474 2,198 771 
 
Figure 4.66 compares pressure responses for Marcellus and Utica wells 
drilled with WBM and OBM. Choke and casing shoe pressures were higher in WBM 
compared to OBM. Since slug flow dominated in WBM, gas discharge rate was 
higher but gas circulation time was shorter. This observation was consistent with 
results of inclined upward/downward laterals. 
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Figure 4.66: Comparison of pressures for Marcellus and Utica wells drilled with WBM and OBM. 
4.8.4. Impact of Kick Circulation Rate 
The impact of influx circulation rate was studied in Marcellus shale well and 
compared to Utica shale in inclined upward wells drilled with WBM. The study used 
an influx volume of 20 bbls and circulation rates of 100, 200, and 300 gpm as shown 
in Figure 4.67 and Table 4.14. Higher was the circulation rate, higher were the 
wellbore frictional losses and associated surface/downhole pressures. At a high flow 
rate of 60 spm, slug flow pattern governed and gas was circulated efficiently in less 
time. However, this resulted in higher gas expansion rates at the surface and higher 
choke and casing shoe pressures. At a slow pump rate of 20 spm, influx circulation 
needed 4.4 more time instead of the theoretical 3 times (from 60 to 20 spm)due to 
the dispersed gas bubble tended to migrate towards the lateral high side. Gjorv 
(2003) suggested circulating the kick out at high rates, then reduced rates can be 
used to circulate the heavy mud in extended reach horizontal wells. In this study, 40 
spm was used to circulate the influx then 20 spm was used to displace the kill mud. 
This combination saved time with a slight increase in wellbore/surface pressures. 
The maximum influx discharge flow rate was 4.2 MMSCFD in Utica well drilled with 
WBM and circulated at 60 spm with the surface expansion of influx by 2.5 times the 
downhole volume (Figure 4.68). 
 99 
 
Figure 4.67: Impact of circulation rate on choke pressure and pit gain in WBM. 






















20 spm 19.2 0.31 5,171 1,760 546 
40 spm 6.9 1.32 5,171 1,870 668 
60 spm 4.4 2.31 5,171 1,889 677 
Marcellus OBM 
20 spm 13.7 0.49 5,346 1,825 534 
40 spm 6.5 1.74 5,346 1,805 617 
60 spm 4.5 2.40 5,346 1,754 535 
Utica WBM 
20 spm 16.9 0.42 6,934 2,148 693 
40 spm 6.7 1.53 6,934 2,261 796 
60 spm 6.4 4.22 6,934 2,473 1,041 
Utica OBM 
20 spm 12.9 0.91 7,125 2,206 754 
40 spm 6.5 2.00 7,125 2,175 743 
60 spm 4.4 2.75 7,125 2,130 661 
 
Figure 4.68 compares Marcellus and Utica wells drilled with WBM and OBM 
at different flow rates. Higher was the flow rate, higher were the choke and casing 
shoe pressures in WBM. However, in OBM, higher flow rates resulted in lower 
surface pressure because of gas solubility and dispersed gas bubbles.  
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Figure 4.68: Comparison of pressures for Marcellus and Utica wells at 20, 40 and 60 spm. 
4.8.5. Impact of Influx Type 
Dry gas, rich condensate and black oil influx behaviors are studied in an 
inclined upward horizontal well drilled with OBM. As shown in Figure 4.69 and Table 
4.16, the higher was the difference between the influx and mud densities with less 
degree of solubility, higher were the wellbore and surface pressures and volumes. 
In Utica shale, at higher reservoir pressure, solubility of dry gas in OBM and gas 
expansion in WBM were higher with higher surface volumes and pressures. While 
influx was circulated towards lateral heel, a back pressure was created and more 
gas dissolved in OBM increasing mud compressibility and decreasing mud density 
and pit deviation. In the vertical section the remaining free gas expanded, then at a 
bubble point between interval of 1000 and 2000 ft., dissolved gas liberated with a 
steep expansion rate.  In black oil and condensate kicks, pit gain decreased slightly 
due to solution gas liberation. It was difficult to identify the influx while it was in the 
lateral section, therefore the worst-case scenario was to assume a gas kick. Low 
density influx unloaded the well at a much faster rate than liquid kicks. Figure 4.70 
shows that in a Utica well drilled with WBM experiencing gas influx, the max choke 
pressure was 800 psi and the gas discharge rate was 2.3 MMSCFD and the 
surface/downhole kick volume ratio was 1.6. Therefore, lower was the influx density, 
higher were the resultant surface and downhole pressures and associated volumes. 
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Figure 4.69: Impact of influx type on choke pressure and pit gain in OBM. 
Table 4.16: Surface and down-hole recorded data for dry gas, condensate, and black oil kicks in 
Marcellus and Utica Shales.  
 
















Dry Gas 6.9 2.53 5,178 1,880 676 
Condensate 6.5 1.52 5,174 1,792 660 
Black Oil 6.2 0.32 5,169 1,717 395 
Marcellus 
OBM 
Dry Gas 6.5 2.37 5,351 1,811 628 
Condensate 6.4 2.45 5,352 1,797 553 
Black Oil 6.1 0.36 5,346 1,717 354 
Utica 
WBM 
Dry Gas 6.7 2.32 6,936 2,266 800 
Condensate 6.5 2.39 6,939 2,157 743 
Black Oil 6.2 0.32 6,938 2,076 479 
Utica OBM 
Dry Gas 6.5 2.05 7,131 2,190 753 
Condensate 6.4 1.78 7,131 2,156 605 




Figure 4.70: Comparison of pressure for Marcellus and Utica wells with different influx types. 
4.8.6. Impact of Influx Size 
Three kick sizes were examined to understand the impact of early kick 
detection and alertness of drilling crew. Figure 4.71 and Table 4.17 shows that larger 
influx sizes did not impact the drillpipe side of the U-tube model (pump and 
bottomhole pressures). Nevertheless, larger kicks highly impacted the annulus side 
of the U-tube model. The slower was the crew in detecting a kick and closing the 
BOP, higher were the choke and casing shoe pressures and pit gain. This highlights 
the importance of crew awareness of early kick detection techniques to avoid the 
exceeding of kick tolerance and maximum allowable annular surface pressure 
(MAASP) and risking well integrity. Surface and downhole pressures in OBM were 
less when predicted using a multiphase flow model in comparison to the 
conservative single slug flow model (Watson et al., 2003). Figure 4.72 shows that 
higher was the influx size higher were the surface and downhole pressures and 
volumes. Utica shale high reservoir pressure and temperature resulted with a higher 
impact on wellbore and surface pressures. The maximum gas flow rate was 3.93 
MMSCFD in Utica well drilled with WBM and received 50 bbls kick. Also, the 





Figure 4.71: Impact of influx size on choke pressure and pit gain in OBM. 
Table 4.17: Surface and down-hole recorded data for 10, 30, and 50 bbls influx size in Marcellus 
and Utica Shales.  
 Influx Size 
(BBLs) 
















10 bbls 6.8 0.71 5,170 1,753 509 
30 bbls 6.9 1.91 5,170 1,977 802 
50 bbls 7.1 2.94 5,170 2,072 1,028 
Marcellus 
OBM 
10 bbls 6.4 1.05 5,347 1,677 421 
30 bbls 6.6 2.13 5,344 1,891 718 
50 bbls 6.8 3.21 5,346 2,127 971 
Utica 
WBM 
10 bbls 6.7 0.74 6,932 2,092 580 
30 bbls 6.8 2.24 6,935 2,403 963 
50 bbls 6.9 3.93 6,935 2,673 1,270 
Utica OBM 
10 bbls 6.3 1.21 7,116 2,004 499 
30 bbls 6.5 2.46 7,126 2,293 874 




Figure 4.72: Comparison of pressures for Marcellus and Utica wells at different influx sizes. 
4.8.7. Impact of Kick Intensity 
Figure 4.73 and Table 4.18 show the impact of kick intensity and degree of 
underbalance during kick development in an inclined upward lateral. For the same 
kick size of 20 bbls and the flow rate of 200 gpm, higher kick intensity caused higher 
bottomhole/surface pressures and volumes and lowered the kick tolerance. Thus, 
heavier mud densities are required to balance higher intensity kicks. For instance, 
in Utica well drilled using WBM, when the kick intensity increased from 1 ppg to 2 
ppg,  an increase of 7% in bottomhole pressure, 19% in casing shoe pressure and 
46% in choke pressure was observed. When a 3 ppg intensity kick received, an 
increase of 12% in BHP, 37% in shoe pressure and 91% in choke pressure were 
observed compared to 1 ppg. Figure 4.74 compares pressure values for Marcellus 
and Utica wells drilled with WBM and OBM. With higher kick intensities, higher 
surface pressure and flow rates were encountered. Consequently, wellbore 
pressures were higher at elevated kick intensities. For instance, in Utica well drilled 
with OBM, choke pressure was 1,600 psi at 3 ppg kick intensity in comparison to 
837 psi at 1 ppg. Likewise, the gas discharge rate was 2.29 MMSCFD at 3 ppg 
compared to 2.03 MMSCFD at 1 ppg. Kick intensity impacted kicks experienced in 
WBM with slightly higher choke pressures than in OBM. For example, in Marcellus 




Figure 4.73: Impact of kick intensity on choke pressure and pit gain in WBM. 
Table 4.18: Surface and down-hole recorded data for 1, 2, and 3 ppg kick intensity in Marcellus and 





















1 ppg 6.9 1.37 5,340 2,039 817 
2 ppg 6.9 1.48 5,644 2,343 1,098 
3 ppg 6.9 1.61 6,019 2,719 1,453 
Marcellus 
OBM 
1 ppg 6.5 1.81 5,446 1,900 703 
2 ppg 6.5 1.91 5,821 2,265 1,017 
3 ppg 6.5 2.03 6,191 2,649 1,359 
Utica 
WBM 
1 ppg 6.7 1.59 7,044 2,369 895 
2 ppg 6.7 1.77 7,512 2,810 1,303 
3 ppg 6.7 1.79 7,906 3,242 1,706 
Utica OBM 
1 ppg 6.5 2.03 7,237 2,286 837 
2 ppg 6.5 2.13 7,666 2,709 1,203 




Figure 4.74: Comparison of pressures for Marcellus and Utica wells with different kick intensities 
(1,2 and 3 ppg). 
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CONCLUSION 
This research studied mud hydraulics and well control complications in inclined 
upward and downward laterals in unconventional shales. The study included the verification 
of the hydraulics base model with actual data from a Marcellus lateral. Hydraulics 
parameters and pressure profiles at normal drilling flow rates were compared to well control 
slow pump rates in different wellbore/string configurations. In addition, it investigated well 
control complications due to well type, gas solubility in oil based mud, and kicks received 
while running casing or liner strings. Furthermore, inclined downward lateral hydraulics and 
well control are studied and compared to inclined upward lateral configurations. Finally, this 
research performed a comparative well control study between Marcellus and Utica Shale 
laterals. The following conclusions are presented:  
 
1. In the Marcellus Shale lateral, the hydraulics model successfully estimated the 
standpipe pressure with a regression coefficient (R2) of 0.974. There were significant 
impacts of drilling rate of penetration, mud rheological properties, and drilled cuttings 
characteristics on hydraulics. 
2.  Drilling with casing and/or liner wellbore configurations are subjected to an inverted 
pressure loss profile compared to conventional drilling with drillpipes, since APL is higher 
than pressure loss inside the string and at the bit. Therefore, lower flow rates are 
recommended to achieve an effective annular velocity for proper hole cleaning without 
adding excessive frictional pressure losses. 
3. Annular pressure loss, associated equivalent circulating density, and critical flow rate for 
proper hole cleaning are higher in inclined downward wellbore trajectories. This is a 
result of lower cutting transport ratio and accumulation of cuttings at the bottomhole 
compared to inclined upward laterals.  
4. The Driller’s method is preferred in horizontal wells because of the immediate influx 
circulation. However, the Wait-and-Weight method is beneficial if the heavy mud 
reaches the vertical section of annulus before the gas is circulated out of the hole.  
5. Higher pump rate saves the operator time but results in higher choke and casing shoe 
pressures. Slower pump rate requires longer periods of time but enables safe kick 
handling and effective choke adjustments considering the 2 seconds/1000 ft choke 
pressure response delay time.  
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6. Higher pit gains and choke pressures are expected with higher gas solubility values. 
Frequent choke adjustments are required to keep the bottomhole pressure constant and 
to shield the casing shoe from intense changes in pressure when gas is liberated at the 
bubble point pressure. 
7. In drilling with a casing or liner, influx height is very long in the tight annulus. Therefore, 
the gas kick reaches the surface earlier and creates higher choke and casing shoe 
pressures.  
8. The reduced two-stage step-down (R2SD) model was developed in this research to 
consider the high annular pressure loss. The use of model prevented over-pressurizing 
the downhole and maintained the well integrity.  
9. While gas migration in water based mud creates additional pressures, gas solubility in 
synthetic oil based mud introduces uncertainty about influx size and type.  
10. In inclined upward and downward laterals, the closer the kick location to the vertical 
section, the shorter the circulation time. However, the pit gain, gas discharge rate, choke 
pressure, and casing shoe pressure are higher. 
11. In contrast to inclined downward, the inclined upward lateral experiences less surface 
and bottomhole pressures. However, it requires extended circulation times to flush out 
the dispersed and entrapped bubbles caused by the mud yield stress properties. 
12. Larger kick sizes result in higher pit gain, gas flow rate, and choke and casing shoe 
pressures in inclined downward laterals. Yet, in inclined upward laterals, the higher the 
kick size, the longer the circulation times. However, larger kick sizes show an 
insignificant impact on choke and shoe pressures. 
13. The deeper and over-pressurized Utica Shale well presents more well control 
challenges compared to the Marcellus Shale well. Over-pressurized formations can 
generate larger influx sizes and higher kick intensities resulting with higher pressures 
and volumes. The end result is the high risk of exceeding casing shoe strength and 
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Results of vertical, directional, and horizontal wells drilled with pipes, casing, 
and liner in terms of well type are presented in this section. 
 
Figure A.1: Pump and bottomhole pressures for vertical, directional, and horizontal wells drilled with 
pipes and controlled with Driller’s method at 40 spm WBM. 
 
Figure A.2: Choke and casing shoe pressures for vertical, directional, and horizontal wells drilled 
with pipes and controlled with Driller’s method at 40 spm WBM. 
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Figure A.3: Pump and bottomhole pressures for vertical, directional, and horizontal wells drilled with 
liner and controlled with Driller’s method at 40 spm WBM. 
 
Figure A.4: Choke and casing shoe pressures for vertical, directional, and horizontal wells drilled 
with liner and controlled with Driller’s method at 40 spm WBM. 
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Figure A.5: Pump and bottomhole pressures for vertical, directional, and horizontal wells drilled with 
casing and controlled with Driller’s method at 40 spm WBM. 
 
Figure A.6: Choke and casing shoe pressures for vertical, directional, and horizontal wells drilled 




Data sample from the simulator with 35 recorded parameters for a 20 bbls 
kick in WBM circulated with Driller’s method at 40 spm. 





















minutes  strokes bbls psi psi psi psi psi bbls bbls/min 
1.2 4 0.40 4943 386 2889 450 4906 20.0 0.98 
1.7 12 1.16 4958 389 2895 521 4906 20.0 1.72 
2.2 26 2.56 4971 378 2890 809 4906 19.9 3.55 
2.7 45 4.52 5012 414 2927 949 4906 19.7 3.94 
3.2 65 6.50 4987 388 2900 926 4906 19.7 3.94 
3.7 85 8.48 5000 400 2913 939 4906 19.6 3.94 
 
 















SPM % open lbf bbls/min ft amps lbfs RPM psi ft/hr hours hp 
10 33% 284171 0 15013 0 0 0 450 0 0.33 0.4 
17 47% 283992 0 15013 0 0 0 521 0 0.33 2.2 
36 62% 283830 0 15013 0 0 0 810 0 0.33 19.5 
40 62% 283343 0 15013 0 0 0 954 0 0.33 26.6 
40 68% 283644 0 15013 0 0 0 929 0 0.33 26.6 
40 65% 283493 0 15013 0 0 0 942 0 0.33 26.6 
 
 














cmt head plug 
indicator 





ft/sec   psi ft ppg ppg bbls/min       ppg psi bbls 
40 0.0 0 7280 12.0 12.0 0.9 0 1 0 13.1 386 820.0 
70 0.0 0 7280 12.0 12.0 2.0 0 1 0 13.1 389 820.0 
144 0.0 0 7280 12.0 12.0 3.3 0 1 0 13.1 378 819.9 
160 0.0 0 7280 12.0 12.0 3.5 0 1 0 13.2 414 819.7 
160 0.0 0 7280 12.0 12.0 3.9 0 1 0 13.2 388 819.7 
160 0.0 0 7280 12.0 12.0 3.8 0 1 0 13.2 400 819.6 
 
 
  
